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1 - INTRODUCTION 
The Power Alternatives Study for the Dickey-Lincoln School Lakes 
Project has been undertaken for the New England Division of the 
Corps of Engineers by Acres American Incorporated of Buffalo, New 
York, under the terms of Contract No. DACW33-76-C-0047. 
This report presents the results of Task 2 of this study, the over-
all purpose of which is the evaluation of alternative methods of 
providing electrical energy in New England in lieu of the Dickey-
Lincoln hydroelectric project. The final Task 1 report was pre-
sented in July 1976 and will, in conjunction with this Task 2 and 
subsequent Tasks 3 and 4 reports, ultimately become part of the 
"Environmental Impact Statement" for the Dickey-Lincoln Project. 
The proposed Dickey-Lincoln School Lakes Project (referenced here-
after as the "Dickey-Lincoln Project") is a hydroelectric project 
to be located on the upper reaches of the St. John River in Maine, 
near the confluence with the Allagash River. The currently planned 
generating capacity to be installed at the project is 830,000 kW, 
with the possibility of incorporation of additional pumped storage 
features to bring the total capacity to as much as 1,210,000 kW*. The 
primary purpose of the Dickey-Lincoln Project will be to provide, 
with other existing and planned power and energy storage facilities, 
sufficient generating capability to meet the expected capacity and 
energy requirements of the six New England states. The currently 
planned completion date for Dickey-Lincoln is not earlier than 1986. 
1.1 - Terms of Reference 
The scope of work for Task 2 of the study as set out in Appendix A 
of the contract may be summarized as follows: 
(a) Determine the costs of selected alternatives for energy supply. 
(b) Develop for each alternative the costs, environmental and social 
impacts and factors involved in implementation. 
(c) Determine the least cost combination of energy supply alterna-
tives, to meet the forecast system capability requirements, 
both with and without the Dickey-Lincoln Project. 
* See Reference 25, Chapter 5, and Figure 1.1. 
(d) Submit report. 
The results of the studies undertaken to meet these sub-tasks are 
presented in Chapters 3, 5, and 6 of this report. 
1 . 2 - Report Content 
This report describes the study work carried out in continuation of 
that already described in the Task 1 report. In general, the con-
tents of this report will be combined with those of the Task 1 and 
subsequent reports to form the complete report of the Power 
Alternatives Study. Chapter 1 will be revised accordingly to 
cover the entire report. Chapter 2, the overall surrenary, will be 
prepared as Task 5 of the study, and eventually become the section 
of the Environmental Impact Statement which deals with the power 
alternatives to the proposed action. Summaries of Chapters 3, 4 
and 5, as presented in the Task 1 report, are included in this report. 
Chapter 3 of the Task 1 report dealt with the projected load growth 
of the New England System, and is expanded in this Task 2 report to 
take into account not only seasonal and annual peak load and energy 
requirements, but also monthly and daily variations, or "load 
shapes". Chapter 3 will be further expanded as part of the Task 3 
study to include consideration of the implementation of various 
demand control measures. 
Chapter 4 of the Task 1 report discussed the available power genera-
tion alternatives and identified those most appropriate to the 
future expansion of the New England System. 
Chapter 5 of the Task 1 report described the optimization procedure 
to be followed and the studies made of available mathematical models 
for simulation of the New England system. An appropriate model was 
selected for use in the evaluation. In this Task 2 report, Chapter 
5 is expanded to include a detailed examination of costs and oper-
ating characteristic of the selected alternatives for the study. 
Results are also presented of the analysis of the Mew England sys-
tem, using the developed loads, operating characteristics and 
optimal selection of available alternative power generation or 
energy storage installations. 
Chapter 6 of this Task 2 report comprises a generalized discussion 
of the environmental and social impacts of the various selected 
alternatives. This chapter will be expanded under the Task 4 
study report to include a more detailed examination of the impacts 
of the optimal system expansion mixes. 
1 - 2 
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Chapter 7, a general overview of the complete study, will also be 
prepared as part of Task 4. 
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3 - LOAD FORECASTS FOR NEW ENGLAND 
Over the years, it has been increasingly taken for granted that 
electrical energy should be available to virtually anyone who needs 
it, when they need it. This has made particularly onerous the 
task of electrical utilities in estimating future demands and en-
suring that appropriate provisions are made to satisfy these 
demands. Because of the lengthy period needed to build generating 
facilities, it has required that decisions be made several years 
before such facilities are required to ba commissioned. For 
example, hydro and conventional thermal plants now require as much 
as 5 to 7 years for planning, siting, environmental and socio-
economic studies, design, and construction. Nuclear facilities 
require even longer — typically 10 to 13 years. Because of such 
lengthy lead times, an electrical utility must attempt to forecast 
probable demand patterns several years into the future (typically 
10 to 20 years). 
In this Chapter the Task 1 assessment of the probable demand 
patterns in New England through the year 2000 is summarized in 
Section 3.1 and expanded to include a discussion on "load shapes". 
Sections 3.2 through 3.4 of the Task 1 report dealt with the 
characteristics of demand patterns for a typical large utility 
system, a summary of forecasting procedures as they are applied 
in New England (Section 3.2), the historical trends of electrical 
load growth (Section 3.3), an assessment of recent forecasts 
which have been made for future growth in New England, and 
recommended forecasts to be used in the generation expansion 
plan for New England (Section 3.4.1). 
Section 3.4.2 of this report discusses future monthly arid hourly 
load shapes to be adopted for use in the New England system analysis. 
A number of references are made in this Task 2 report to tables 
and sections included in the Task 1 report. 
3.1 - Summary 
System generation future expansion plans require reasonably accurate 
projections of future capacity and energy demands. Procedures for 
forecasting have frequently been based on projecting historical 
sectoral trends (residential, commercial, industrial). Such tech-
niques have proven unreliable in recent unsettled conditions in 
the power supply industry. Various other approaches to forecasting 
are now becoming more favored, such as econometric analysis of consumer 
patterns and overall energy needs by means of mathematical models. 
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3.1.1 - New England Demand 
Forecasting in New England is complicated by the extremely 
varied sturcture of the industry, which comprises nearly 150 
organizations in six states. The New England Power Pool 
(NEP00L) was set up in 1966 to coordinate and plan the power 
supply industry for the whole region. NEP00L produces peak 
load forecasts for the region on an annual basis. 
The cost of electricity in New England, which fell from 3.6 
cents per kWh in 1950 to 2.6 cents in 1970, has increased 
significantly in recent years. The 1973 Arab oil embargo has 
compounded this trend. As a result, trends in demand for 
peaking power and energy have changed significantly. The 
7.6 percent average annual growth in peak load experienced 
between 8,100 KW in 1965/66 and 13,500 MW in 1972/73 re-
versed itself in 1973/74 (12,900 MW) and has since slowly 
recovered to 13,900 MW by January 1976, an average growth 
from 1973/74 of 3.8 parcent. Energy demand which in 1973 
was 68.4 GWh and had been growing at a rate of 8 percent per 
annum, has shown a similar decline to 66.9 GWh in 1974. How-
ever, a return to a positive growth rate is currently in-
dicated. Load factors which had also increased to 64.2 
percent by 1974 have also fallen to little more than 60 
percent. 
Demand in New England is mostly centered on the tv/o major 
population areas of Massachusetts and Connecticut, which 
consumed 72 percent of electric energy demand in 1974. 
Demand has expanded primarily in the residential and commer-
cial sectors of the economy which together accounted for 67 
percent of demand in 1974. 
The NEP00L peak load forecast published in January 1976 
predicts an average 5.5 percent annual growth rate from 
13,908 MW in January 1976 to 25,105 MW through 1986/87. 
The total energy demand in 1986 is forecast by NEP00L to 
be 133,695 GWh at 60.8 percent load factor. Long-range 
planning is currently based on a maximum 5.5 percent growth 
rate to 53,834 MW in 2000/01. 
3.1.2 - Major Utility Forecasts 
The NEP00L forecast presents a summation of the forecast 
of all utilities in the New England region. Eight of the 
largest utility groups accounted for nearly 85 percent of 
total demand of 13,908 KW in 1976: 
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- Northeast Utilities (NUS), 25.4 percent; 
- New England Electric System (NEES), 20.1 percent; 
- Boston Edison (BE), 12.4 percent; 
- Public Service Company of New Hampshire (PSCNH), 7.4 
percent; 
- Central Maine Power Company (CMP), 6.9 percent; 
- United Illuminating Company (UI), 5.7 percent; 
- New England Gas and Electric Association (NEGEA), 3.8 
percent; 
- Central Vermont Public Service Corporation (CVPSC), 
2.6 percent. 
The individual forecasts of seven of these groups (NEGEA ex-
cluded) have been examined. The results of this examination 
are shown in Table 3.1. 
3.1.3 - Future Load Growth 
The utilities, recognizing the increasing difficulties in 
obtaining reliable forecasts on the basis of traditional 
techniques, are generally supporting NEP00L in its efforts 
to develop an econometric forecasting model. The current 
NEP00L forecast is intended as a basis for planning future 
system capability and as such is considered appropriate. How-
ever, for examination of the economic impact of the Dickey-
Lincoln Project, a more conservative approach to load fore-
casting would seem to be desirable. 
An examination of the sensitivity of the NEPOOL forecast to 
changes in individual utility sectoral energy demands indi-
cates that the peak load growth could be reduced to as low as 
5.0 percent. However, for study purposes a 5.2 percent value 
is recommended through 2000/2001. An improvement in load 
factor to 62 percent is entirely feasible by 1986, which is 
equivalent to a corresponding 5.5 percent growth in annual 
energy consumption. This growth rate is also recommended for 
study purposes. Peak loads and energy forecasts on this 
basis are: 
Year 
Winter Peak 
Load (MW) Year 
Annual Energy 
(GWh) 
Load 
Factor 
(%) 
1985/86 23,090 1985 124,826 61.8 
1990/91 29,751 1990 163,142 62.7 
1995/96 33,334 1995 213,220 63.6 
2000/01 49,392 2000 278,671 64.5 
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3.1.4 - Load Shapes 
Accurate planning should take into account the variation 
in peak demand throughout each year considered. Variations 
are seasonal and hourly in nature. Although monthly peak 
to annual peak load ratios are expected to remain constant 
through the study period, changes in hourly peak to daily 
peak load ratios, or "load shapes", will take place as the 
annual load factor increases in the future. New England 
system data for the year 1971 has been selected for deriva-
tion of load shapes to be used in the analysis since this 
year appears to conform most closely with planned system 
load shapes. 
NOTE: Sections 3.2 through 3.4.1 of the Task 1 report, 
as summarized in Section 3.1 above, are not re-
produced in this Task 2 report. 
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TABLE 3.19: COMPARISON OF HISTORICAL LOAD DATA 
Variable 19681 1971 2 1972 3 
Planning 
Criteria 
Annual load factor 59.3% 61.2% 61.1% 62.7% (1990) 
Average monthly-to-
peak load ratio 
0.8543 0.8866 0.8651 0.8871 
* Sources: 1. NEPOOL Communication on hourly load data 
dated March 16, 1976. 
2. General Electric Company New England System 
data, based on FPC reports. 
3. NEPEX Power Systems statements to FPC, years 
ended 12/31/72 and 12/31/74, FPC communication 
dated 5/24/76. 
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TABLE 3. 19 
3.4.2 - Load Shapes 
The previous discussion on peak load and energy forecasts have 
daalt only with annual peaks and total annual energy. However, 
for accurate planning it was necessary to consider how this demand 
is distributed throughout the year. 
There are two main components to the load shape. Firstly, there 
are the seasonal patterns. These are usually specified by relating 
the expected peak load in each month to the annual peak. This is 
referred to as the "monthly to peak load ratio". The largest ratio 
is 1.0 (which occurs in the peak month). Other ratios are as low 
as 0.78. 
The second component is the daily load shape associated with each 
month. For planning purposes, only two shapes were used to repre-
sent the whole month -- one representing a typical weekday and 
another representing a typical weekend day. 
The monthly to peak load ratios were derived from NEPOOL data with 
an allowance for a 5.2 percent annual growth in peak load (see 
Appendix A). The calculated ratios are: 
The monthly to peak load ratios are expected to remain constant 
throughout the planning period. However, the daily load shapes 
must vary to accommodate an increasing annual load factor. Thus, 
only a reference shape can be chosen that will be automatically 
altered to achieve the desired annual load factor. 
Load shapes were available for 1968 (from NEPOOL), 1971 (from FPC 
data), and for 1972 (from FPC data). A comparison of these three 
sets of data to the desired planning criteria is provided in 
Table 3.19. 
Based on annual load factor, either the 1971 or the 1972 data would 
be more appropriate to use since they would take less revision to 
January 
February 
March 
Apri 1 
May 
June 
July 
August 
September 
October 
November 
December 
0.9523 
0.8992 
0.8421 
0.8261 
0.7842 
0.8636 
0.9014 
0.9202 
0.8861 
0.8574 
0.9130 
1.0000 Average = 0.8871 
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yield the planned load factor in 1S90. The 1971 data was selected 
because its monthly to peak load ratios are closer to the planned 
ratios than those of 1972. 
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4 - ALTERNATIVE MEANS OF MEETING DEMAND 
As discussed in Chapter 3, prudent planning calls for the assump-
tion that electric power and energy demand in New England will 
increase for the next ten years at average rates of approximately 
5.2 percent and 5.5 percent per annum respectively. The implemen-
tation of load management techniques and control devices, and the 
effects of conservation could significantly reduce the growth in 
peak load and in energy demand. The primary goal in the planning 
and operation of an electric power system is to provide, at minimum 
overall cost, the capability to meet with an adequate margin of re-
serve the projected demand at all times. The achievement of this 
goal requires that a number of complex requirements be satisfied. 
These requirements relate both to the characteristics and magnitude 
of the load and to the characteristics of the generating facilities 
designed to meet this load. 
The prime requisite is the establishment of an orderly and economic 
long-term expansion program related to the identified demand. The 
power system must also retain an adequate margin of generating ca-
pacity to meet planned and unplanned plant outages, with sufficient 
flexibility to allow for rapid fluctuations in demand. 
Expansion of an electric power system may in theory be achieved by 
means of the combinations of a large number of available types and 
sizes of power generation or energy storage facilities. However, 
the selection of the optimum mix and scheduled installation of facil-
ities to meet the above objectives is usually limited to a relatively 
small number of choices. In this chapter, all available, or poten-
tially available, power generation and energy storage concepts are 
briefly reviewed in order to select for further evaluation those 
which appear to be viable in the New England System in the next 10 
to 20 years. 
A summary of Chapter 4 of the Task 1 report follows in Section 4.1. 
Sections 4.2 through 4.5 of the Task 1 report dealt with the re-
quirements for system capability and the current (January 1, 1976) 
planned NEP00L expansion program (Section 4.2), a review of some 24 
basic alternatives for power generation and energy storage (Section 
4.3), selection of ten types of installation for further evaluation 
(Section 4.4), and development of capital and operating costs of 
the selected alternatives (Section 4.5). The resulting output is 
considered in the assessment of the economic, environmental, and 
social impacts of the alternatives on the New England System in 
Chapters 5 and 6 of this Task 2 report. 
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4.1 - Summary 
The objective of power system planning is to ensure that forecast 
load demands can be met with a high degree of assurance and at 
minimum net cost to the system. This in turn requires not only the 
provision of an adequate reserve of generating capacity to meet 
planned and unplanned system outages, but also the provision of an 
appropriate mix of base-load, intermediate, and peaking generating 
capacity to most economically follow the daily, weekly, and monthly 
variations in system demand. 
Reserve margin is traditionally at least 20 percent of coincident 
peak load. However, due to the recent dramatic decline in demand, 
the margin in New England has become considerably greater. The 
December 1975 total capability of the New England System was 20,212 
MW of generating capacity. The recorded peak load in December 1975 
was 13,529 MW. Total capability increased to 20,571 MW in January 
1976, when the recorded peak load was 13,908 MW, indicating an actual 
reserve margin of 47.9 percent. 
Selection of the appropriate "mix" of future generating capability 
requires consideration not only of technical feasibility and economy, 
but also of potential fuel availability and the socio-economic and 
environmental impact of the alternatives available. Other para-
meters include the lead time required to license and construct a 
facility, and the availability of renewable and non-renewable re-
sources for its construction and operation. 
Twenty-four potential alternative modes of energy generation and 
storage initially reviewed as alternatives to the Dickey-Lincoln 
project are summarized in Table 4.1, categorized in accordance with 
their current state of engineering development. A process of pre-
liminary screening has beer applied to this list to select for fur-
ther evaluation those which are considered technically feasible in 
adequate unit capacity sizes in the 1985-1990 time frame. 
In the preliminary screening of alternatives for consideration in 
subsequent detailed studies, all those concepts currently in general 
use with the exception of diesel power have been accepted. Diesel 
power was rejected because of high costs and limited scale of appli-
cation. Of the concepts "Developed but in limited use", only lead 
acid batteries and the combined cycle concept, a mid-range applica-
tion of the gas turbine, have been accepted. Geothermal sources 
were rejected because of unproven resources and economics in the 
New England area; advanced nuclear cycles such as the LMFBR and 
LWBR have been excluded since they are not likely to replace the 
LWR in the U. S. nuclear scene before 1990. Tidal hydroelectric 
power, which is currently under study at the Passamaquoddy site, 
was rejected on the basis of, as yet, unproven economic viability. 
2-4 
TABLE 4.1: INITIAL COMPILATION OF_ALTERIATIVFS 
State of Direct Generation Alterna'ives Energy Storage (Peaking) 
Development Type Operating Mode* Alternatives 
In General Use Conventional Thermal 
Steam Cycle 
Diesel Power 
Gas Turbines 
Hydroelectric 
Nuclear Steam 
Cycle (LWR.HWR) 
(Power Purchase 
B/M 
P 
P 
B/M/P 
B 
B/M/P) 
Conventional Pumped Hydro 
Developed But 
in Limited Use 
Combined Cycle Thermal 
Geothermal 
Nuclear Steam Cycle 
(LMFBR, GCFR, LWBR) 
Tidal Hydroelectric 
M 
B 
B 
M 
Batteries (lead acid) 
Experimental Alternative Fuels B/M/P Batteries (Advanced) 
1 
Fuel Cells P Flywheels 
Magneto-Hydrodynami c/ 
Steam Cycle 
M Super Conducting Magnetic 
Storage 
f 
Nuclear Steam Cycle 
(HTGR, Fusion) 
• 
B Thermal Storage (Steam 
or Chemical) 
Solar (Photovoltaic 
or Thermal 
M/P Underground Compressed 
Air Storage 
Wind M/P Underground Pumped Hydro 
*Abbreviations: B: Base-load plant 
M: Mid-range plant 
P: Peaking plant 
A -3 5-3 
TABLE 4.1 
Of those concepts categorized as "Experimental", only underground 
compressed air storage and underground pumped hydroelectric stor-
age were accepted. The balance, which included alternative fuels, 
MHD, nuclear (HTGR, Fusion), advanced batteries, flywheels, super-
conducting magnetic storage, and thermal storage, have been re-
jected generally on the basis of inadequate demonstration that 
commercial feasibility can be achieved within the 1985-1990 time 
frame. Fuel cells have also been rejected because their commercial 
viability in Mew England has yet to be demonstrated. Although it 
is recognized that both solar and wind power application are the 
subject of intense development work at the present time, it is con-
sidered more appropriate to consider the potential impact of these 
concepts within the context of load demand modification, rather than 
as sources of power generation. 
The ten alternatives selected for more detailed evaluation and se-
lection on the basis of cost, therefore, are: 
(a) Direct Generation 
Conventional fossil thermal steam cycle; 
Gas turbines; 
Hydroelectric; 
Nuclear steam cycle; 
Combined cycle; 
Power purchases. 
(b) Energy Storage 
Conventional pumped hydro; 
Lead-acid batteries; 
Compressed air storage; 
Underground pumped hydro. 
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5 - IMPACT OF ALTERNATIVES 
ON SYSTEM COSTS 
The primary consideration in the assessment of the economic viabil-
ity of a project is the cost of its alternatives. It is frequently 
possible to identify specific alternatives with which to compare the 
project, but the seasonal variations in output of a hydro project 
often makes direct comparison difficult. A further complication 
arises from the capability of a hydro project to produce both peak-
ing and base load power benefits. To properly take into account 
these various features of the project, it is necessary to assess 
its economic impact in comparison with alternatives within the con-
text of the total system costs, both capital and operating. Of pri-
mary interest is the "mix" of alternatives necessary to match the 
benefits of the project, and the effect that the project may have on 
the deferment of capital expenditures. 
In Chapter 4, a list of alternatives to the Dickey-Lincoln Scheme 
for generation and energy storage facilities which would be appro-
priate for inclusion in future capability expansion plans for the 
New England power system is presented. The number of possible com-
binations of type, size, and scheduled installation of these alter-
nates is very large. It is obviously desirable to determine the 
optimum system expansion program which will satisfy the main objec-
tives of the plan, i.e. economy, reliability, and flexibility. In 
some senses these objectives may be in conflict and the determination 
of the optimum combination is a complex exercise. 
In Chapter 5, the assessment of the impact of alternative system 
expansion plans on system costs in the years 1986, 1990 and 2000 is 
described. The main objective of this assessment is to determine 
the optimum mix of facilities and total annual costs in each of 
these years. A further objective is to compare the impact on system 
costs of expansion plans which both include and specifically exclude 
the Dickey-Lincoln School Lakes Project. In addition, the plan 
which includes Dickey-Lincoln will further investigate three pos-
sible variants of the proposed Dickey-Lincoln Scheme. 
Chapter 5 of the Task 1 report is summarized in Section 5.1 and 
expanded to include discussions on simulation of system generation 
expansion with and without Dickey-Lincoln. Sections 5.2 and 5.3 
of the Task 1 report dealt with the general approach to the optimiza-
tion procedure (Section 5.2) and evaluation of the available 
methods to perform the analysis (Section 5.3). The application of 
the selected method of analysis is described in Section 5.4 of 
this Task 2 report, and the results of the analysis presented in 
Section 5.5. Discussion and conclusions drawn from these analyses 
are presented in Section 5.6. 
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5.1 - Summary (Tasks 1 and 2 reports) 
Because of the wide range of power generating and storage functions 
which can be performed by a hydroelectric facility such as the pro-
posed Dickey-Lincoln Project, a meaningful comparison of economic 
benefits of the project with those obtained from alternatives can 
best be made by the examination of the total system costs with and 
without the project. For a power system of the size and complexity 
of the New England system, this examination is best performed with 
the aid of a computerized mathematical model which simulates the 
operation of the entire power system and allows the impact of many 
variables on system costs to be assessed. 
Several different "simulation" models have been reviewed to determine 
their appropriateness for the study of system costs required. Of 
these various models the General Electric "Optimized Generation 
Planning" (OGP-3) model has been selected as an accurate and prac-
tical planning model. 
Using the OGP program, system operation over the period 1981 to 2000 
will be simulated, initially using the optimizing feature of the 
program which will allow identification of the "optimum" system ex-
pansion without Dickey-Lincoln. Once this optimum mix has been 
established, the program will be used to simulate system operation 
with the three currently planned alternative developments at Dickey-
Lincoln. Depending upon the impact of load management on the shape 
of the project load duration curves, duplicate computer runs may be 
required to assess the effect on the system expansion program. 
5.1.1 - System Simulation: Reference Case 
The first step in the analysis of the New England system was 
to model the existing and future committed generation capa-
bility and forecast load characteristics. Most of this in-
formation was obtained from NEP00L and converted to the form 
required by the OGP-3 program. Future commitments were 
stipulated only up to 1982 so that capacity expansion beyond 
this date could be optimized as far as possible. 
Conventional thermal and hydroelectric power generation al-
ternatives were included in the analysis together with con-
ventional and underground pumped storage, lead-acid batteries 
and compressed air storage options and three Dickey-Lincoln 
scheme hydroelectric and pumped storage combinations. Unit 
capacities, capital and operating costs at October 1975 
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levels, and system input data for each of these alternatives 
were developed from published data and manufacturers' quo-
tations where appropriate. 
The overall optimum system expansion plan without Dickey-
Lincoln was developed by comparison of optimized wholly 
thermal expansion and combined thermal, hydroelectric, com-
pressed air storage, and pumped storage expansion plans for 
the period 1936 through 2000. Results of the analyses are 
shown in Table 5.1. The hydroelectric, compressed air, and 
pumped storage expansion plans all proved to be more expen-
sive overall than the least cost all-thermal expansion mix 
comprising nuclear, fossil-fired, gas turbine and combined 
cycle alternatives. The all-thermal expansion mix was 
therefore retained as the reference case for comparison with 
Dickey-Lincoln. 
5.1.2 - System Simulation: 
Dickey-Lincoln Included 
Three alternatives for the Dickey-Lincoln development have 
been evaluated: 
SCHEME I: Dickey 760 MW conventional hydro capacity 
(Total overload capability 874 MW) 
Lincoln School 70 MW conventional hydro capacity 
SCHEME II: Dickey 570 MW conventional hydro capacity 
190 MW pumped hydro capacity 
(Total overload capability 874 MW) 
Lincoln School 70 MW conventional hydro capacity 
SCHEME III: Dickey 570 MW conventional hydro capacity 
570 MW pumped hydro capacity 
(Total overload capability 1311 MW) 
Lincoln School 70 MW conventional hydro capacity 
All three Dickey-Lincoln expansion plans proved to be less 
expensive than the reference case when considered in terms 
of annual system costs in each of the years 1986, 1990, and 
2000 and aggregated annual costs for the entire study period 
1981 through 2000. At a repayment interest rate of 6-5/8 per-
cent, greater investment costs for Dickey-Lincoln are generally 
offset by reduced fuel and operating costs for the system. Com-
parative system costs with an assumed repayment interest rate 
of 10 percent similar to that for privately financed developments 
are presented in Appendix E. 
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Of the three Dickey-Lincoln schemes evaluated, those incor-
porating pumped storage capability were significantly more 
economic than the conventional hydro development alone. 
5.1.3 - Conclusions 
The overall system analysis for the period 1981 through 2000 
indicated that there could be an aggregate saving of $119 
million in 1976 dollars for the generation mix with 830 MW 
(rated) of conventional hydroelectric capacity at Dickey-
Lincoln. An additional $234 million could be obtained in 
the same period with 1210 MW (rated) of combined conventional 
and pumped storage capacity at Dickey-Lincoln. The optimum 
system mix in each case also comprised about 51 percent 
nuclear, 22 percent fossil, 17 to 18 percent gas turbine, 3 
percent combined cycle, and 6 to 7 percent hydroelectric and 
pumped storage capacity. 
NOTE: Sections 5.1 through 5.3 of the Task 1 Report, as summarized 
in Section 5.1 above, are not reproduced in this Task 2 Report. 
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TABLE 5.1: COMPARISON OF SYSTEM COSTS WITH AND WITHOUT 
DICKEY-LINCOLN* _ _ 
Annual Costs ($million) 
Reference 
Case 
Dickey 
I 
Dickey 
n 
Dickey 
m 
1981 1355 1355 1355 1355 
1986 1591 1579 1578 1576 
1990 2424 2417 2413 2402 
1995 3748 3741 3739 3727 
2000 5431 5426 5421 5405 
Total 
(1981-2000) 
57,756 57,637 57,591 57,403 
Total 
(1986-2000) 
49,426 49,307 49,261 49,073 
Saving 
(1986-2000) 
0 119 165 353 
Avg. Annual 
Savinq 
(1986-2000) 
0 
1 
7.9 11.0 23.5 
*NOTE: Annual investment cost components for reference case and 
other alternatives based on private financing at 10 percent 
interest rate; Dickey-Lincoln based on Federal financing 
at a repayment interest rate of 6-5/8 percent. 
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5.4 - System Simulation and 
Optimization 
The input and computational requirements and procedures for the 
General Electric Optimized Generation Planning Program (0GP-3) 
are presented in Appendix B, which has been extracted from the 
OGP-3 Users Manual.' 
The sources and derivation of the input data appropriate to the 
loads, power generation alternatives, and system reliability, en-
vironmental and other factors and characteristics required for 
consideration in the study, are discussed in this Section of the 
report. The format of this discussion generally follows that of the 
OGP-3 Users Manual, as appropriate to each of the existing system 
and future generating alternatives selected in Section 4.4* for in-
clusion in the study. 
5.4.1 - Load Model 
The first basic input source to the OGP-3 program is the load 
model which specifies the characteristics of current and 
future system loads. 
(a) System Load Data 
The development of the load forecasts was presented in 
Section 3.4*. The forecasted load growth is based on 
5.2 percent annual growth in peak demand and 5.5 percent 
annual growth in energy consumption (see Table 3.18*). 
The load shape data was based on the 1971 load shapes 
for New England as supplied by the FPC to the General 
Electric Company Computer Data Bank. This data was 
accessed, then modified to obtain the load shape char-
acteristics detailed in Section 3.4.2. The modification 
process was performed by "shaving" the existing load 
shapes to yield the desired annual load factor. Each 
monthly shape was altered in relation to the ratio of 
the peak load to the off-peak load (as explained in 
Appendix 3). 
(b) Reliability Evaluation 
Power systems must be designed not only to meet the 
forecast load, but also to satisfy reasonable re-
liability criteria of meeting that load. It would 
I For list of references, see page 5-52. 
* See Task 1 report. 
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be almost impossible (and prohibitively expensive) to 
design for 100 percent reliability since forced shut-
downs of units or transmission line failure are always 
possible. It is (usually possible to cover short-term 
deficiencies in any case by purchasing power from 
neighboring systems. 
Reliability criteria are usually based_on the loss-of-
load probability (LOLP) calculation. This may be 
specified as the number of days per year that the sys-
tem cannot meet the load. Typical figures range from 
0.1 to 1.0 days per year. A cross-check on the LOLP 
calculation is the resultant installed reserve margin 
required by the system to maintain the specified LOLP. 
Traditionally, reserve margins are about 20 to 25 per-
cent. 
NEP00L planning criteria is presently based on a LOLP 
criteria of 0.1 days/year with a reserve margin of about 
23 percent. Test runs were made with both 0.1 and 1.0 
days/year LOLP to determine the sensitivity of the New 
England system. A LOLP of 1.0 days/year produced reserve 
margins as low as 12 percent whereas the LOLP of 0.1 days/ 
year produced more reasonable reserve margins between 21 
and 25 percent. Consequently, 0.1 days/year was used as 
the planning criteria in all system evaluation runs. 
5.4.2 - Generation Model: Existing System 
The generation model is the second basic input source to the 
generation planning program. This model specifies the char-
acteristics of each existing or committed plants in the system. 
For thermal units the information specified was heat rate 
and fuel type. For hydro units, it was possible to specify 
minimum and maximum capacity and average energy output per 
month. For pumped hydro units, generating and pumping capac-
ity was specified as well as pond size (in MWh). Individual 
efficiencies cannot be specified for pumped hydro, so 70 per-
cent overall efficiency was used for all such units. 
The basic data for the existing system configuration was ob-
tained from the NEP00L load and capacity report dated January 
1, 1976.2 This report lists capabilities for the various 
generating types in 1975 as follows: 
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Nuclear: • 3,364 MW 
Fossil Thermal: 11,914 MW (including 420 MW de-
activated reserve) 
Gas Turbine, Diesel: 1,732 MW 
Conventional Hydro: 1,287 MW 
Pumped Storage Hydro: 1,632 MW 
FPC data was available in the General Electric Company Com-
puter Data Book for most of the capability, and was used for 
the generation model. Any deficient thermal or gas turbine 
capability was added (using average plant characteristics) for 
consistency with NEPOOL figures. 
Required monthly output figures for conventional hydro were 
not available in the NEPOOL report. Accordingly, conventional 
hydro and pumped storage hydro data were based solely on the 
FPC data. 
The resulting system capability was defined as follows: 
Nuclear: 3,363.8 MW 
Fossil Thermal: 11,484.1 MW* 
Gas Turbines and 1,731.9 MW 
Diesels: 
Conventional Hydro: 1,466,0 MW** 
Pumped Storage Hydro: 1,609.0 MW 
* Not including 420 MW de-activated reserve 
** Based on output in December 
The individual plants are identified in the data input in 
Appendix D. To reduce the number of calculations in the 
study, relatively large number of gas turbine and diesel 
plants of small capacity were lumped into equivalent units 
of about 100 MW of the same heat rate. 
A number of plant additions or re-ratings currently planned 
by NEPOOL were also defined as follows: 
Nuclear: 830 MW (Millstone, 1976) 
Nuclear: 97 MW (re-ratings, through 1977) 
Fossil Thermal: 560 MW (Canal 2, 1976) 
Fossil Thermal: 600 MW (W. F. Wyman 4, 1978) 
Combined Cycle: 205 MW (Potter 2 and B. F. Cleary, 1976) 
Combined Cycle: 270 MW (Stonybrook, 1981) 
Gas Turbine: 120 MW (Stonybrook, 1982) 
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A number of nuclear units also planned by NEPOOL for the 
early years of the study (1982-1985) were not included in 
the generation model as committed units. This allowed the 
installation date to be changed in the analysis so that as 
near an optimum expansion as possible would result. The 
forecasted cost of these nuclear units was adjusted downward 
from the basic $750/kW (Table 5.2) to reflect the anticipated 
expenditures already incurred for these planned units: 
1981 - 600 $/kW 
1982 - 627 $/kW 
1983 - 656 $/kW 
1984 - 686 $/kW 
1985 - 717 $/kW 
1986 - 750 $/kW 
By means of this procedure, the planning program would select 
these units for installation at appropriate time only if they 
were cost competitive. 
5.4.3 - Future Generation: Thermal 
Alternatives _____ 
All power generation installations currently included in 
NEPLAN expansion planning through 1981 (Table 4.3*) were re-
garded as fixed. Beyond this date planned or authorized 
NEPLAN capacity additions were included only as options to 
allow optimal system expansion programs to be developed for 
the reduced load growth considered in this study. 
(a) Unit Sizes 
The unit size for each of the alternatives investigated 
was determined after consideration of a number of factors. 
- Nuclear - The unit sizes for nuclear generation inves-
tigated by most of the cost estimate references (see 
Section 5.4.3 [b]) ranged from 800 to 1200 MW, and the 
common sizes of existing plants appear to center around 
ratings of 800, 1000, and 1150 MW. 
Nuclear unit sizes are limited to a maximum of approxi-
mately 1275 MW in the Code of Federal Regulations.3 
This was therefore considered to represent the upper 
bound for this type of plant. 
* See Task 1 report. 
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These plants have, in the past, been considered to 
exhibit economy of scale, and the present high capital 
cost suggested that units in the upper size category 
would be the most likely for construction in New 
England. Evidence to support this theory may be found 
if a listing of planned units in New England is examined 
(Table 4.3*). In nearly all cases, these are in the 
range of 1150 to 1200 MW. The 1150 MW size for nuclear 
units was therefore selected for the study. 
- Oil Fired - The oil-fired base load type unit has grown 
considerably in size during its historical development. 
Unit sizes of 400 to 1000 MW were considered as a 
reasonable range, but no one particular capacity could 
be considered typical. As a result, the study utilized 
both 600 MW and 800 MW as typical unit sizes. 
- Combined Cycle - The unit sizes of combined cycle plants 
varies considerably between and within manufacturers. 
This is a result of the wide range of gas turbine sizes 
and the possible variations in cycle hardware, such as 
multiple gas turbines/ single recovery boilers, single 
gas turbine/boiler units and the choice of fired and 
unfired boilers. Few combined cycle units have been in-
stalled, and there is no definite pattern to suggest the 
most prevalent unit size. A unit capacity of 100 MW was 
selected for the study. 
- Gas Turbines - The unit sizes for peaking gas turbines 
vary greatly, ranging from less than 1 MW to 100 MW. 
The larger 100 MW units are expected to become available 
in the early 1980's, if economic conditions allow their 
development. The 60 MW unit size chosen for this study 
was based on an approximation of the large units avail-
able from a number of manufacturers, most of whom currently 
offer units in the range of 50 to 70 MW. 
(b) Capital Costs 
Summary costs for thermal direct generation alternatives 
are presented in Table 5.2. Representative figures for 
new plants were determined from both existing publicly 
available reports and data and by means of cost estimates 
based on manufacturers' quotations. The quantity and 
quality of information available for each type of plant 
varied considerably and, therefore, some variation in the 
methods and sources used was necessary. Thermal plants 
would normally be located relatively close to load centers 
* See Task 1 report. 
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TABLE 5.2: THERMAL PLANT COSTS (Estimated to October, 1975 levels) 
ITEM 
Nuclear 
1150 MW 
Oil Base* 
600 MW/800 MW 
Combined 
Cycle 
200 MW 
Gas 
Turbines 
60 MW 
Capital Cost 
($/ kW) 
532 338/314 220 120 
Interest During 
Construction 
($/kW) 
218 92/86 30 10 
Total ($/kW) 750 430/400 250 130 
Annual Costs** 
Interest 10.00 10.00 10.00 10.00 
Depreciation*** 0,61 0.61 0.37 0.37 
Interim 
Replacements 
0.35 0.35 0.35 0.35 
Insurance 0.40 0.25 0.25 0.25 
Taxes 5.00 5.00 5.00 5.00 ' 
Total (%) 16.36 16.21 15.97 15.97 
Operation & 
Maintenance 
Fixed Cost 
($/kW) 
3.00 2.80 1.25 
• 
- -
Variable Cost 
(mills/kWh) 0.15 0.26 2.00 6.0 
Fuel Costs 
Fixed 
($/kW) 
3.13 - - — — 
Variable 
(mi 11 s/kWh) 
3.60 16.20 19.44 28.80 
*Note that New Brunswick power purchases are based on 300 MW units 
at a total cost of $450/KW. 
**Expressed as % of capital cost. 
***Nuclear and oil base units, 30-year life; all others 35-year life. 
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T A B L E 5.2 
and costs were included for nominal transmission line 
links (about 20 miles) in each case. Although costs for 
Dickey-Lincoln discussed elsewhere in this Task 2 report 
include additional costs for possible reinforcement, for 
system stability purposes, of the "backbone" transmission 
system in New England, no attempt has been made to in-
clude such costs for the alternatives considered. All 
capital costs were escalated to a common October 1975 
level using the Handy-Whitman Index of Public Utility 
Construction Costs and interest during construction was 
determined using 10 percent for the cost of money, and 
assumed construction periods and cash flows in each case. 
- Nuclear - The capital costs of nuclear steam generating 
plants have been subject to rapid change in recent years. 
This has been the result of not only the changing economic 
climate but also the numerous changes in design regula-
tions. As a result of the latter, only the most recent 
estimates of plant cost were considered to be reliable 
sources of data.4, 5, 6 i n each case the capital cost 
estimates obtained from published literature were re-
evaluated to equivalent installed plant costs at Octo-
ber 1975 price levels. 
Publishedcost data relate to unit sizes ranging from 
1000 MW to 1300 MW. Costs were therefore also adjusted 
to take account of the economy of scale relationships 
for 1150 MW units. The construction schedule in each 
case was assumed to be ten years from design to startup, 
using the cash flow presented in Table 5.3. 
A summary of the cost estimates for nuclear plants is 
presented in Appendix C. 
" Oil Fired - Costs for oil-fired base load plants have 
risen significantly in recent years, although not as 
dramatically as those for nuclear plants. From the 
most recent available information, unit sizes for oil-
fired plants range from 800 to 1300 MW. Two plant sizes 
were considered, 600 and 800 MW, and adjusted costs were 
estimated for each, using the published adjustment 
curves.4 
Summaries of the adjusted estimates are presented in 
Appendix C. 
- Combined Cycle - There appear to be few published es-
timates of cost for combined cycle plants which are 
broken down into constituent accounts. However, cost 
data was obtained for a plant planned by the Massachu-
setts Municipal Wholesale Electric Company (MMWEC).7 
Installed cost was based or a three-year construction 
period, with an allowance for site facilities and 
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TABLE 5.3: THERMAL PLANTS: 
CASH FLOWS FOR VARIOUS 
CONSTRUCTION SCHEDULE S 
10-Year 6-Year 4-Year 3-Year 
Yr. % Total Yr. % Tctal Yr. % Total Yr. % Total 
1 1.5 1 5.5 1 10 1 10 
2 1.5 2 18.5 2 25 2 75 
3 5.0 3 39.0 3 35 3 15 
4 9.5 4 26.0 4 30 
5 14.5 
* 
5 8.0 
6 21.0 6 3.0 
7 20.0 
8 15.0 
9 9.0 
10 3.0 
1 „ 
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TABLE 
interest during construction. The cost summary is 
presented in Appendix C. 
" Gas Turbine - Until recent years, there has been a 
trend or decreasing cost per kilowatt for gas turbine 
units. However, recent inflationary trends have led 
to increased prices. Estimates were therefore based 
on recent manufacturers' quotations, with additions 
for site facilities and interest during a two-year 
construction period. A summary of these costs is 
presented in Appendix C. 
Operating Costs 
Representative figures for operating costs in New England 
were derived for each alternative on the basis of pub-
lished operating data® and recommended values, and on 
estimates where applicable. Costs were generally based 
on published FPC recommendations and determined according 
to FPC accounts.^ The cost of money was assumed to be 
10 percent, a figure also recommended by the FPC for 
private utility investments. These estimates are also 
summarized in Table 5.2 
- Nuclear - Fixed charges for nuclear plants were de-
termined in accordance with FPC recommendations.® The 
cost of nuclear insurance was averaged between the costs 
reported by the FPC for 1963 and 1971 and that reported 
by R. W. Beck in the MMWEC study. The figures used for 
taxes, depreciation, and interim replacements were 
those recommended by the FPC,9 depreciation being based 
on a 30-year period. 
Nuclear fuel costs were based on published recent mar-
ket prices for uranium oxide and processing costs J O , 11 
The 1975 figures for New England nuclear plants fuel 
costs as reported in the utility annual reports to the 
FPC® were also taken into consideration. 
" Oil-Fired - Fixed charges for oil-fired plants were es-
timated on the basis of FPC procedures,9 depreciation 
being based on a 30-year period. Fuel costs were based 
on published data for No. 6 fuel oil.'^ 
Published operation and maintenance costs for a sample 
of New England plants® were analyzed to determine the 
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yearly expenses for existing plants. The operation 
and maintenance costs used for the optimizing study 
were assumed to be approximately the average of those 
recommended by the FPC 9 for 800 and 600 MW units, ad-
justed upwards to reflect increased costs to October 
1975 levels. 
- Combined-Cycle - The combined-cycle plant was con-
sidered equivalent to the low pressure fossil steam 
electric plant for the purpose of determining appli-
cable FPC fixed charge rates. 
All fixed charges used were those recommended by the 
FPC, with the exception of 10 percent for the cost of 
money. Depreciation was based on a 35-year period. 
Fuel costs for combined-cycle plants were assumed to 
be those published for No. 2 fuel oil.' 2 
- Gas-Turbine - Fixed charges, based on FPC recommenda-
tions were derived for a 10-percent interest rate and 
a 35-year life. 
Published operation and maintenance charges 8 for a 
sample of gas turbines presently operated in New 
England were analyzed to determine representative 
costs. Figures published in the utility annual reports 
are significantly higher than the costs currently being 
projected by the manufacturers. Averaged costs were 
assumed for the study. 
Heat Rates 
The heat rates assumed in the study for generating plants 
were based on currently published information, and are 
summarized as follows: 
Heat Rate 
Efficiency, % BTU/kWh 
Nuclear 
Oil-Fired 
Combined Cycle 
Gas Turbines 
32.5 
38.0 
42.0 
28.0 
10,500. 
9,000 
8,100 
12,000 
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(e) Outage Rates 
Mature and immature unit forced outage rates were de-
rived from the 1976 report of the New York Power Pool 
to the New York Public Service Commission. 1 0 
Mature unit planned outage rates were taken from pub-
lished NEPOOL data. 2 
(f) Emission Data 
Environmental emission data were based on the data 
presented in Chapter 6. 
5.4.4 - Future Generation: 
Conventional Hydro Alternatives 
There are currently no authorized plans for additional con-
ventional hydroelectric capability in New England through 
1986. 2 However, Central Maine Power Company is reported to 
be studying the 12-MW Brunswick/Topsham station for operation 
in 1980. Various other relatively small developments are also 
known to be under study by several utilities. Developments 
such as these are not likely to be significant in the current 
analysis. 
A number of studies have been made of hydroelectric potential 
in New England, the more significant of which has been the 
New England-New York Inter-Agency Commission (NENYIAC) report 
of the early 1950's.l 3 
Federal Power Commission listings of developed and undeveloped 
hydroelectric resources in the U.S.I 4 indicate a total unde-
veloped capacity of approximately 2,500 MW in New England. 
Most of this undeveloped capacity is in a large number of sites 
with installations in the order of 30 MW or less, none of 
which is considered likely to be significant in the current 
study. In the June 1976 New England Federal Regional Council 
(NEFRC) - Energy Resource Development Task Force^Report on 
New England Hydroelectric Development Potential, 2 4 18 de-
velopments with capacities ranging from 20 MW to 300 MW were 
evaluated. Of these, four sites (Table 5.4) have been iden-
tified with capacities in excess of 90 MW, the minimum size 
adopted in Section 4.3.2(a)(iv).* These sites are shown on 
Figure 5.1. 
* See Task 1 Report. 
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The four sites a^e those listed in Section 4.3.2(a)(iv) with 
the exception of the Enfield and Livermore Falls Sites. Re-
evaluation in the NEFRC study resulted in some modifications 
of installed capacities and the consequent rejection in this 
study of the Enfield and Livermore Falls Sites, which were 
reduced to only 60 MW and 36 MW capacity respectively. The 
remaining four sites were considered to be potentially sig-
nficiant, either singly or combined, in an evaluation of the 
Dickey-Lincoln Project, and were therefore further evaluated. 
A very preliminary assessment of a larger development of 250 
MW at Cold Stream, currently under study by the Central Maine 
Power Company, was also included in the evaluation. The pur-
pose of this evaluation was to attempt to establish economic 
feasibility of the development as a precondition to its in-
clusion in New England System expansion plans. 
(a) Installed Capacity 
The assumed capacities and annual outputs of each of 
the five developments, based on the NEFRC report, are 
summarized in Table 5.4. 
(b) Capital Costs 
With the exception of the Pontook Scheme, capital costs 
under the FPC system of accounts were derived from es-
timates (in 1949 dollars) in the NENYIAC report,13 
escalated to October 1975 levels by means of appropriate 
published Engineering News Record quarterly cost escala-
tion indexes. 
Capital costs for the Pontook Scheme were obtained from 
estimates (in 1966 dollars) in the NED report on the 
Androscoggin River Basin.15 Estimates were adjusted ap-
propriately to take account of the NEFRC study revisions to 
installed capacities for some sites. 
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TABLE 5.4: POTENTIAL HYDROELECTRIC DEVELOPMENTS 
Site 
Data 
Sources Capacity 
(MW) 
Average 
Annual 
Generation 
(GWH) 
Gross Head 
(Ft) 
Pierce Pond 13,24 220 459 690 
Pontook 
(High Dam) 
15 300 115 99 
Williamsville 13 145 84 224 
Cold Stream 
(NEFRC) 
13,24 120 260 195 
Cold Stream 
(CMP) 
13,24 250 295 Not avai1. 
TABLE 5.4 
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The methodology used to estimate capital costs in terms 
of October 1975 prices was as follows: 
(i) Isolate the various cost components such as dams, 
power facilities, etc. 
(ii) Re-evaluate costs for power facilities on the 
basis of FPC gross head/$ per kW relationships® 
updated to October 1975 price levels. 
(iii) Escalate the costs for each remaining component 
from the original basis to October 1975 levels 
according to the Engineering News Record indexes. 
(iv) Summate the component costs and apply approximate 
factors for engineering overheads and contingen-
cies escalated from original base costs, and in-
terest during construction. 
Costs for the 250-MW Cold Stream development were ex-
trapolated in broad terms from those for the 120-MW 
development and must therefore be considered as approximate. 
Transmission line costs were excluded from original cost 
data sources. Allowances were therefore added for each 
scheme for transmission line connections to existing 
345 kV lines as indicated in NPCC reports dated April 1, 
1975. '6 Interest during construction (IDC) was estimated 
using an assumed interest rate applied to averaged costs 
during the construction period: 
i.e. IDC = inc/2, where i = interest rate 
n = construction period (years) 
c = capital cost of project 
Assumed values of "n" were based on the capital cost as 
fol1ows: 
capital cost ('c 1) number of years ('n') 
< $25 M 3 
> $25 M & < $75 M 
< $75 M & < $150 M 
> $150 M 
4 
5 
6 
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TABLE 5.5: HYDROELECTRIC PLANT COSTS (Estimated to October 
i g ? 5 l e y e l s ) 
Cost ($/kW) 
ITEM 
Pierce 
Pond 
(220MW) 
Pon-
took 
Williams-
ville 
(145MW) 
Cold 
Stream 
(120MW) 
Cold 
Stream 
(250MW) 
Capital Cost 946 536 944 1,075 864 
1 
Interest During 
Construction 
284 161 236 269 216 1 
Total Project Cost 1,230 697 1,180 1,344 1,080 
Annual Cost 
Interest & Depreciation 
| (50-year life, 10.09%) 
124.1 70.3 119.1 135.6 109.0
 : 
I 
j 
j Interim 
; Replacements* 
6.7 2.9 3.7 4.7 4.6 
j Insurance (0.1%) 1.2 0.7 1.2 1.3 1.1 
] Taxes (5.1%)** 
( 
48.2 27.3 48.1 54.8 44.1 
! Operation & Main-
j tenance ($1.75/kVJ) 
1.8 
_ 
1.8 1.8 1.8 1.8 
i 
Total Annual Cost 182.0 103.0 173.9 198.2 160.6 j 
Total Annual Charge (%) 14.80 14.78 14.74 14.75 14.87. 
Annual Benefits 
j Benefit/Cost Ratio 
69.9 
0.38 
43.4 
0; 42 
52.9 
0.30 
77.6 
0.39 
55.6 j 
, 0.35-
* 1.25% power installations, 0.05% remainder 
** Excluding IDC 
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TABLE 5.5 
The interest rate for private financing was assumed as 
10 percent on the basis of current FPC practice. 
A summary of the cost estimates for individual hydro-
electric developments is presented in Appendix C. 
Financial Feasibility Evaluations 
Financial feasibility of hydro developments was deter-
mined on the basis of benefit-cost ratios. 
Annual charges for each scheme were derived from total 
investment costs as shown in Table 5.5. The assumed in-
terest rate for privately financed projects of 10 percent 
and all other charges were based on current FPC recom-
mendations. Depreciation was estimated on the basis 
of a 50- year period. Annual power benefits were based 
on the current evaluations 2 4 and related documents. 
None of the sites evaluated has a benefit/cost ratio 
greater than 1.0. Although capital cost estimates based 
on escalation indexes over periods of up to 26 years 
must be considered suspect, it was clearly evident that 
benefit/cost ratios in excess of 1.0 would be most un-
likely for these schemes at October 1975 cost levels. 
Although it is evident that conventional hydroelectric 
developments were unlikely to be a viable alternative 
to conventional thermal installations, the 250-MW Cold 
Stream development was nevertheless included in the 
analysis for purposes of comparison. 
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5.4.5 - Future Energy Storage: 
Pumped Hydro Alternatives 
Current NEPOOL planning excludes the installation of any 
energy storage plants through 1986. Nevertheless, the long 
lead times (8 to 10 years) and environmental implications of 
such sites require that they be studied well in advance of 
commissioning. It is well known that a number of utilities 
in New England are currently investigating the economic and 
system impact of energy storage alternatives. 
A total of 14 environmentally acceptable conventional sites 
for pumped storage were identified by the New England River 
Basins Commission in 1 9 7 3 J 6 The installed capacity and out 
put of each of these sites are presented in Table 5.6. 
Underground pumped hydro developments are also currently 
under consideration by various utilities in the U. S. Such 
developments may be located at depth in any reasonably com-
petent rock mass and are consequently not site specific in 
nature and environmentally less disruptive than conventional 
pumped storage plants. 
In Section 4.3.2(b)*four sites were selected for considerati 
in the current study on the basis of least on-site environ-
mental impact, as identified in the NERBC study. 
(a) Installed Capacity 
The probable installed capacity of each development con 
sidered was assumed as follows: 
(i) Great Barrington #2, 
Mass. 900 MW, 8 hrs. storage 
(11) Fall Mountain, N.H. 800 MW, 8 hrs. storage 
( H i ) Percy #3, N.H. 1,900 MW, 14 hrs . storage 
(iv) Site Leo, Me. 1,000 MW, 14 hrs . storage 
(v) Underground 2,000 MW, 8 hrs. storage 
(b) Capital Costs 
Conventional pumped hydro sites are site specific and 
required individual conceptual cost estimates in each 
case. Sketched project layouts in the NERBC report 
* See Task 1 Report. 
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were estimated for an assumed 70% overall plant effi-
ciency. Pumping energy cost evaluation was based on 
a variable nuclear fuel cost of 3.60 mills per kWh and 
variable 0&M costs of 0.15 mills per kl-Ih (seo Table 
5.2). 
The value of peaking capacity and energy generated was 
estimated from available data for conventional hydro 
projects located in similar geographic areas ' ' 
The calculated benefit-cost ratios are presented in 
Table 5.8 and indicate values generally between 1.2 
and 1.7 for the assumed 20% capacity factor. One site 
was also evaluated for a capacity factor of 10%, which 
resulted in a benefit-cost ratio of slightly less than 
1. These estimates must be considered somewhat sub-
jective at this time in view of the necessarily approxi-
mate nature of the investment cost estimates. Neverthe-
less, there was considered to be ample justification 
for inclusion of all schemes in the Dickey-Lincoln 
analysis. 
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5.4.6 - Future Energy Storage: 
Batteries and Compressed Air 
Two other forms of energy storage installation selected in 
Chapter 4 for consideration in the Dickey-Lincoln study are 
lead-acid batteries and underground compressed air storage. 
Although an underground compressed air storage plant is cur-
rently under construction in Germany, there are no precedents 
for large scale developments of either of these types in the 
U.S. Nevertheless, inclusion of such developments has been 
considered in the current Dickey-Lincoln system studies on 
the basis of system economics. 
(a) Unit Sizes 
Unit sizes considered were generally based on recent 
manufacturers' information: 
- Batteries: 
The "unit" size for a lead-acid battery storage 
plant was based on recently announced 2^ development 
and testing of a package plant with 50 MW/500 MWh 
capacity. 
- Compressed air storage: 
The compressed air storage power system unit size 
was selected on the basis of ongoing studies and 
manufacturers' current development of a 200-MW 
package plant. 
(b) Capital Costs 
Battery and air storage plants would normally be located 
close to the load center. Nominal transmission line 
costs were therefore assumed. A summary of estimated 
costs to October 1975 levels is presented in Table 5,9 
and Appendix C. 
- Batteries: 
A number of papers have recently presented the eco-
nomics of lead-acid battery storage.20, 21, 22 
Estimates of a battery plant cost were based on 
published manufacturers' cost figures, assuming an 
5-29 
TABLE 5.9: ENERGY STORAGE PLANT COSTS 
(Estimated to October 1975 levels) 
ITEM 
Batteries 
50 MW 
Air 
Storage 
200 MW 
Capital Cost 
($/kW) 
650* 195 
Interest During 
Construction ($/kW) 
— 60 
Total ($/kW) 1,694** 225 
Annual Costs*** 
I 
j! 
Interest 10.00 
1 
lo.oo ; 
Depreciation 0.61 0.37 1 
I Interim 
i Replacements 
0.00 0.35 j 
| 
! Insurance 0.25 0.25 
Taxes 
j 5.00 5.00 
! Total (%) 15.86 15.97 
Operation & 
i Maintenance 
i 
Fixed Cost 
($/kW) | 
- -
I | 
! 
Variable Cost 
(mills/kWh) 
0.5 
1 i 
2.0 
t 
Fuel Costs I 
! 
t 
I 
Fixed ($/kW) — 
Variable (mills/kWh) ! 
i. 
16.67 
: 
24.45 
! 
* Initial Cost 
** Present worth performed for 2 replacements, IDC neglected 
*** Expressed as % of capital cost 
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T A B L E 5.9 
optimistic 10-year life span of the cells. A present-
worth analysis was used to determine equivalent capital 
cost for comparison with the other alternatives on the 
basis of a 30-year plant life. This analysis is pre-
sented in Appendix C. 
- Compressed air storage: 
Capital cost estimates for compressed air storage 
plants were necessarily based on on-going research and 
recent manufacturers' quotations for the requisite 
equipment, based on current German experience. These 
estimates reflect the inclusion of site facilities and 
a hard rock excavated cavern for the storage reservoir. 
Plant construction was assumed to require 6 years for 
purposes of estimating interest during construction. 
Operating Costs 
Derivation of these costs is also shown in Table 5.9, 
the costs being based on FPC procedures 9 and a 10% in-
terest rate. 
- Batteries: 
A 30-year life was considered for determination of 
fixed charges with an assumed single cell life of 10 
years. No provision was made for interim replace-
ments since these were considered insignificant in the 
current analysis. Charging power was assumed at a rate 
equal to the nuclear fuel cost involved, related to the 
delivered power level from battery facility. 
An estimated allowance was included for operation and 
maintenance costs. 
- Compressed air storage: 
These plants were assumed equivalent to the low pres-
sure fossil steam plants with a 35-year life for 
determination of fixed charges. 
1 o 
Fuel costs were determined using FPC data,' and 
operating and maintenance charges were estimated on 
the basis of the costs used for combined cycle and gas 
turbine plants. 
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System Applications 
- Batteries: 
On the basis of the above capital ancl operating cost 
estimates, it was concluded that lead-acid batteries 
would not provide an economic alternative to conven-
tional pumped storage installations in the Dickey-
Lincoln study. Batteries were therefore not con-
sidered further in the analysis. 
- Compressed air storage: 
Compressed air storage is a combination of thermal 
generation with energy storage capability. It is rela-
tively undeveloped and has not yet been included di-
rectly in computer modelling programs. Thus, another 
technique was required to be developed to simulate both 
the generation and storage aspects of such installa-
tions. 
The modelling of compressed air storage was accomplished 
by defining various contracts - either purchases or 
sales. A purchase contract was used to simulate the 
generation portion of the compressed air cycle. A 
given capacity was assumed with a number of hours of 
operation specified for each weekday. This purchase 
was applied so as to reduce the peak load in those 
hours by the specified capacity. 
Conversely, a sales contract was used to simulate en-
ergy storage, once more with the same given capacity 
as for generation. However, the number of hours of 
operation was greater than the purchase contract and 
was applied to the non-peak hours of both weekdays and 
weekend days. The sales contract served to increase 
the energy output of the base load portion of the system. 
Costs were applied only to the purchase contract, as 
follows: 
1 - Capacity charge ($/kW/year) 
(a) capital cost x fixed charge rate 
= 225 ($/kW) x 0.1597 
= 35.9325 $/kW/year 
5-32 
(b) variable operation and maintenance x annual 
hours of operation 
= 2.0 ($/MW/hour) ( tjioiir^ 
V day week A year / 
= 0.52t $/kW/year 
thus, for a ten-hour generation cycle the total 
capacity charge was 41.13 $/kW/year. 
2 - Energy charge ($/MWh) 
= fuel cost x heat rate 
= 240 / 4 \ x 4500 ( BTU \ 
\ M f U J V kWh ; 
= 1 0 . 8 $/MWh 
There were no charges assessed to the sales contract 
since these costs would be dependent upon the type of 
generation used to provide the energy. 
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TABLE 5.10: EXPECTED OPERATING CHARACTERISTICS 
OF DICKEY-LINCOLN SCHOOL 
Energy Output (GWh) 
1 
Month Dickey* - 874 MW Lincoln School - 70 MW Total 
January 142 30 
I 
172 
February 115 25 140 
March 55 13 68 
April 38 22 60 
May 39 34 73 
June 53 19 72 
July 56 16 72 
August 70 18 88 
September 50 14 64 
October 52 15 67 
November 73 21 94 
December 
-
151 35 186 
ANNUAL ' 894 262 1156 
* Firm + secondary output, 874 MW dependable peaking capacity. 
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T A B L E 5.10 
5.4.7 - Dickey-Lincoln 
School Lakes Project 
Inclusion or otherwise of the Dickey-Lincoln School Lakes 
project was achieved by manual simulation of capacity, out-
put and costs. 
(a) Installed Capacity 
The Dickey-Lincoln School Lakes project was included in 
the system study in three forms: 
Scheme I: Dickey - 760 MW conventional hydro 
capacity (874 MW dependable) 
Lincoln School - 70 MW conventional hydro 
capacity 
Scheme II: Dickey - 570 MW conventional hydro 
capacity (655.5 MW depen-
dable) 
- 190 MW pumped hydro capacity 
(218.5 MW dependable) 
Lincoln School - 70 MW conventional hydro 
capacity 
Scheme III: Dickey - 570 MW conventional hydro 
capacity (655.5 MW depend-
able) 
- 570 MW pumped hydro capacity 
(655.5 MW dependable) 
Lincoln School - 70 MW conventional hydro 
capacity 
In each case the dependable peaking capacity of Dickey 
was taken into account in accordance with published 
d a t a 2 5 . The required pumping capacity at Dickey was 
assumed to be equal to the dependable generating capa-
city. In the analysis the extent of utilization of 
available pumped storage generating capability was 
determined by the least cost system operating require-
ments . 
(b) Energy Output 
A reasonable distribution of hydroelectric energy avail-
able from the Dickey-Lincoln development with 944 MW of 
dependable capability is shown in Table 5.10. No account 
is taken in this distribution of additional energy 
obtained by operating pumped storage capabilities. 
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Repayment Interest Rate 
The following extract from the Dickey-Lincoln Fact Sheet 
published by the New England Division, Corpc of Engineers, 
in October 1975, has been used as the basis for derivation 
of annual charges: 
"Marketing of electric power from Federal projects is 
the basic responsibility of the Secretary of interior 
as authorized by Section 5 of the 1944 Flood Control 
Act. Repayment rates must be sufficient to recover 
costs of power production and transmission including 
annual operation and maintenance expenses. The 
total investment allocated to power must be repaid 
over a reasonable period of years. As a matter of 
administration policy, this period has been specified 
as 50 years. On 29 January 1970, the Secretary of 
Interior, under his administrative discretion to 
establish power rates, instituted new criteria for 
determining interest rates for repayment purposes 
for projects not yet under construction. The current 
interest rate used for Dickey-Lincoln School Lakes 
repayment under this revised criteria is 6-5/8%." 
Capital Costs 
Costs for the Dickey-Lincoln School, Scheme I, including 
interest during construction for an assumed 6-5/8 percent 
interest rate, were also based on NED d a t a 2 3 , updated 
in accordance with recent estimates25. Power facility 
costs and the resulting IDC were also adjusted for 
Schemes II and III to take account of the increased 
installed capacity and reversible units. 
The resulting estimates are summarized in Appendix C and 
as follows: 
Scheme I: 681 $/kW 
Scheme II: 700 $/kW 
Scheme III: 565 $/kW 
Annual Costs 
The derivation of an annual charge of 7.52 percent for 
Dickey-Lincoln is shown in Table 5.11. 
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TABLE 5.11: DICKEY-LINCOLN PLANT COSTS 
CALCULATION OF ANNUAL CHARGES 
Total Project Cost 
Dickey-Lincoln: 
Transmission: 
Interest During Construction: 
$463,000,000 
125,000,000 
89,622,000 
$677,622,000 
Total Annual Costs 
$ 1,850,000 
2,170,000 
178,000 
$ 4,198,000 
Operation & Maintenance -
Dickey-Lincoln: 
Transmission: 
Major Replacements: 
I Annual Operating Charges = $ 67^622'000
 = 
Annual Interest & Amortization Charges 
0.620% 
6.904%* 
Total Annual Charge = 7.52% 
* Capital Recovery Factor based on 50 years and 6-5/8 percent 
interest. 
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5.5 - System Analysis, 1981-2000 
5.5.1 - Purpose 
The purpose of the analysis was to develop comparative costs 
between system development with and without Dickey-Lincoln. 
The analysis was performed for the years 1981 through 2000. 
The on-line date of any of the Dickey-Linco'in schemes was 
assumed to be January, 1986. January, 1986 was also assumed 
to be the earliest on-line date for any compressed air or 
pumped hydro units. 
Accordingly, the system expansion from 1981 through 1985 is 
identical for all cases, consisting of thermal expansion only. 
5.5.2 - Expansion Without Dickey-Lincoln 
The first step in the analysis was to develop for purposes 
of comparison a basic reference case without any development 
at Dickey-Lincoln. In turn, this step was divided into the 
analysis of four systems: 
- thermal expansion only; 
- thermal expansion with pumped hydro storage; 
- thermal expansion with compressed air storage; 
- thermal expansion with conventional hydro. 
(a) All-Thermal Expansion 
The results of the thermal expansion case are indicated 
in Table 5.12. The annual costs are indicated for each 
year of the study. These costs do not include fixed 
investment charges on units installed before 1981. For 
1981 through 1985, the optimum mix consists of 4600 MW 
of nuclear, 1560 MW of gas turbine and 270 MW of com-
bined cycle additional capacity. The total aggregate 
cost of $49,426 billion represents all annual fuel, 
operation, and maintenance charges for new and existing 
units, and investment charges for new units only, for 
the period 1986 through 2000. 
(b) Thermal/Pumped Storage Expansion 
To assess the impact of pumped storage, the five pro-
posed conventional and underground pumped hydro storage 
plants were superimposed on the reference case with the 
resulting systems development as indicated in Table 5.13. 
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Although no attempt was made to optimize the exact 
number and sequence of the proposed units, all five 
plants were included in a reasonable sequence developed 
to result in minimum overall system costs. Total in-
vestment and operating costs in the period 1986 through 
1990 showed savings of up to $24 million per year. 
However, in the remaining period through 2000, annual 
costs were greater and in the aggregate for the period 
1986 through 2000, an increased cost of $171 million 
resulted. 
The obvious system impact was the dramatic reduction 
in the number of gas turbines required. Although there 
were small reductions in installed capacity for nuclear 
and combined cycle units, the system mix remained es-
sentially the same -- except for the 11-percent peaking 
capacity that switched from gas turbine to pumped hydro 
capacity. 
The results suggest that a major commitment to pumped 
hydro is -not an economic alternative. Nevertheless it 
is likely that in the 1986 to 2000 time frame some 
optimized combination of thermal and pumped storage 
expansion would be desirable. 
However, conventional pumped hydro developments would 
cause considerably more environmental impact in com-
parison with other alternatives. 
Thermal/Compressed Air 
Storage Expansion 
Inclusion of a compressed air storage plant in the system 
was also examined. This alternative is unique in that it 
is both a storage medium similar to pumped hydro and a gen-
eration medium similar to gas turbines. As yet, however, 
no methods have been incorporated into the available com-
puter programs to model such a device directly. 
In the current study, facilities available for modeling 
power purchases and sales were used to define the opera-
tion of compressed air storage (see Section 5.4.6[d]). 
Purchase contracts are load reducers and represent the 
generating cycle. Sales contracts are load increasers 
and represent the compressing or storage cycle. 
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Two modes of operation were modeled: 
(1) generation: 10 hours/day, each weekday 
storage: 6 hours/day, each weekday 
16 hours/day, each weekend day 
(2) generation: 5 hours/day, each weekday 
storage: 3 hours/day, each weekday 
8 hours/day, each weekend day 
The impact of a single 800-MW installation in 1986 
was assessed for the period 1986 through 1989 (Table 
5.14). The 5-hour generation cycle was more economical 
in the system operation than the 10-hour generation 
cycle. However, annual costs were still greater than 
the all thermal reference case by $13 to $23 million 
per year for the period. 
(d) Thermal/Hydroelectric Expansion 
The impact of the addition of the 250-MW Cold Stream 
hydroelectric development was also evaluated for the 
period 1986 through 1990 (Table 5.15). Total invest-
ment and operating costs for the period 1986 through 
1990 were $23 to $27 million per year greater than for 
the all-thermal cases. 
(e) Selected Reference Case 
The results of the "without" Dickey-Lincoln expansion 
plan analyses indicated a significant cost advantage 
in favor of the all-thermal (nuclear, fossil fired, 
gas turbine, combined cycle) generation expansion mix 
for the period 1986 through 2000 (Table 5.12). This 
mix was therefore adopted as the reference case for 
comparison of "with" Dickey-Lincoln expansion plans. 
5.5.3 - Expansion With Dickey-Lincoln 
The second step in the analysis was to develop the system 
expansion cases with the Dickey-Lincoln scheme. The three 
possible developments at Dickey with the one 70 MW conven-
tional hydro development at Lincoln school required a three-
step analysis. The three possible Dickey developments were: 
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Scheme I: Dickey 760 MW conventional hydro 
capacity 
70 MW conventional hydro 
capacity 
Lincoln School 
Scheme II: Dickey 570 MW conventional hydro 
capacity 
190 MW pumped hydro capacity 
70 MW conventional hydro 
capacity 
Lincoln School 
Scheme III: Dickey 570 MW conventional hydro 
capacity 
570 MW pumped hydro capacity 
70 MW conventional hydro 
capacity 
Lincoln School 
Dependable peaking capacity for Dickey was taken into account, 
as appropriate. 
In each case, the Dickey-Lincoln alternative was installed 
in January, 1986. The impact of the addition of Dickey-
Lincoln Scheme I was essentially to replace the installation 
of gas turbine units. The same development sequence was 
retained for fossil-fired and nuclear plants with a minor 
increase in combined cycle installations. 
Addition of alternative Dickey-Lincoln Scheme II resulted in 
no change in generation mix in the period considered. How-
ever, inclusion of additional pumped storage capability in 
1986 in Dickey-Lincoln Scheme III resulted in a further re-
duction in gas turbine installations during the period. The 
results for the three Dickey-Lincoln expansion schemes are 
indicated in Tables 5.16, 5.17 and 5.18 respectively. It 
should be noted that annual costs are inclusive of charges for 
power purchases from New Brunswick Electric Power Commission 
as itemized in Appendix D (page D-22). 
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5.6 - Discussion 
5.6.1 - Generation Alternatives 
In Figure 5.2 a comparison is made between the costs of 
each power generation alternative on an annual $/kW basis 
in relation to capacity factor. Costs are based on data in 
Tables 5.2, 5.5, 5.7, 5.9, and 5.11 except for existing fossil 
plants for which an average $160/kW and 9 percent annual 
charges were assumed. Cost and capacity factor relationships 
are presented in Appendix C. 
The indicated capacity factor ranges for each type of plant 
are generally based on precedents and known plant opera-
tional characteristics. Two exceptions to this are the 
hydroelectric and pumped hydroelectric plants which are 
governed by physical and hydro!ogic limitations to a peaking 
mode of operation. The compressed air storage option could 
also possibly be feasibly operated at lower capacity factor 
with some advantage. The mode of operation selected for the 
current study was based strictly on manufacturers 1 recommenda-
tions. Nevertheless the results of the study are not likely 
to alter significantly as a result. 
Figure 5.2 indicates that nuclear base load generation is 
significantly more economic than new conventional fossil 
plants. In the mid range area existing fossil plants are 
most economic as might be expected, however, there are time 
and available capacity limitations to this type of plant 
which in the future may require substitution of other alter-
natives. The current study indicates some economic advantage 
in utilizing combined cycle generation at higher mid-range 
capacity factors and compressed air storage at the lower end 
of the scale. There is also obvious scope for utilizing 
existing fossil plants in the peaking mode in the future. 
In the peaking range, in economic terms, there is evidently a 
plant on the system for both gas turbines and the available 
pumped storage options, as well as Dickey-Lincoln. 
The relative costs of alternatives shown in Figure 5.2 should 
not be taken as absolute in terms of the least cost system 
mix, in which capacity factors of individual alternatives 
play a significant role. The requirement for an overall least 
cost generation mix will often dictate that marginal capacity 
and energy demand and system reliability requirements in any 
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particular year be met by the selection of other than the 
least cost alternative available. In particular, selection 
of pumped storage units for system expansion is constrained 
by the availability of off-peak pumping capacity. As discussed 
in Section 5.2.2(b), some reduction in annual costs for the 
all-thermal reference case may well result from an optimized 
expansion mix which includes the less costly pumped storage 
alternatives. However, such an optimized mix should only be 
developed on the basis of more detailed designs and cost 
estimates for pumped storage developments than currently 
exist. The benefits of such optimization would also be appli-
cable to expansion plans both with and without Dickey-Lincoln. 
5.6.2 - System Expansion Plans 
A comparison of overall system costs for the 6-5/8% repayment 
interest rate and the various system expansion mixes considered 
is shown in Table 5.1. Although investment costs with Dickey-
Lincoln are $21 to $29 million greater for each year of the 
period 1986 through 2000, reductions in annual variable costs 
more than compensate. Total annual costs are thus reduced by 
$5 to $12 million for Dickey-Lincoln Scheme I and up to $15 
to $28 million for Dickey-Lincoln Scheme III. Aggregated annual 
costs for the period are lower with Dickey-Lincoln than for the 
reference case without the scheme by $119 million in the case 
of Scheme I, $165 million for Scheme II, and $353 million for 
Scheme III. 
The results of this analysis show that in the New England 
system, the existing fossil capacity will remain the most 
economical mid-range generating alternative, as long as it 
is available. Thus, the increasing demand must be met with 
new base, mid-range, and peaking capacity. In all cases the 
fossil mix remained a little less than 22 percent of t.ota'1 
capability. Nuclear capability -- the most attractive base 
load alternative -- was about 51 percent for both all-thermal 
and the three Dickey-Lincoln alternatives. 
The impact of a repayment interest rate of 10% similar to 
that for privately financed developments is discussed in 
Appendix E. 
The total pumped hydro capacity for mixes incorporating 
Dickey-Lincoln Schemes II and III would appear from the 
results of the analysis to be most economically operated 
at 10 to 12 percent capacity factor -- which is approxi-
mately half the assumed available capability of 6 hours 
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CAPACITY FACTOR 
COST COMPARISON OF GENERATING 
ALTERNATIVES 
F I G U R E 5 2 
generation. This suggests that available off-peak pumping 
capacity probably controls for the system mix and load 
curves assumed. 
5.6.3 - Effects of Dickey-Lincoln 
Since the Dickey-Lincoln capacity is small relative to the 
system as a whole, total system operating costs also do not 
vary appreciably from the reference case when Dickey-Lincoln 
is included. 
Nevertheless, addition of the Dickey-Lincoln project in 1986 
will result in overall economy by virtue of the fact that 
investment in more costly oil-fired gas turbine peaking capa-
city will be deferred. Over the period of the study (1981-
2000) an estimated net saving of at least $119 million, in 
October 1975 dollars, will result (Dickey Scheme I). 
The results also indicate an economic benefit in providing 
pumped storage capabilities at Dickey-Lincoln. Estimated 
additional net savings of $234 million result with Dickey 
Scheme III over the duration of the study. 
The Dickey-Lincoln project would also provide an additional 
energy benefit to downstream Canadian hydro plants in New 
Brunswick of about 350 GWh annually. Preliminary discussions 
appear to indicate that one half of these benefits (175 GWh) 
would be returned to the U.S. Since no formal arrangements 
have yet been made, these benefits were not included in the 
current analysis. 
However, it is, likely that such benefits will be realized. 
They could be in the form of actual energy delivered or in a 
credit of 20 MW* toward the existing purchase contract with 
New Brunswick. In the latter case, the annual credit would 
amount to an estimated: 
20 MW 0 73.0 $/kW/year = $1.46 million 
+ 175 GWh <3 16.2 $/MWh = $2.84 million 
Total $4.3 million 
Thus, the expected annual benefit from Dickey-Lincoln could 
range from about 12 to 8 million dollars. 
*175 GWh annually represents about 20 MW of capacity at a 
load factor of 1.0 
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6 - ENVIRONMENTAL IMPACT OF 
ALTERNATIVES 
The basic objectives of the current study are to determine future 
system expansion plans to meet system capability requirements most 
economically. The environmental impacts of the power generation 
alternatives which will make up the expanded system in the future 
must also be assessed. 
The purpose of this Chapter of the report is initially to identify 
the various environmental features to be considered for each al-
ternative. Although most of the alternatives are not at this stage 
of the study site specific, some attempt is made to assess the 
general impact of each alternative for purposes of qualitative 
comparison. 
A Summary of the Chapter follows in Section 6.1. The approach to 
be followed in the environmental analysis is discussed in Section 
6.2 and a discussion of short-and long-term impacts of the various 
individual alternatives presented in Sections 6.3 and 6.4 respec-
tively. 
6.1 - Summary 
The approach adopted for the environmental impact analysis 
of alternatives is to identify the direct and indirect short-
and long-term effects associated with each. Impact analyses 
are summarized in Tables 6.1 and 6.2. No attempt is made to 
assess the impacts in quantitative terms but merely for pur-
poses of qualitative comparison. 
Thermal power plants predominantly cause air and thermal pol-
lution. Hydroelectric and pumped storage plants give rise 
to disruption of natural lands and water bodies. Socio-
economic disruption of all plants is a function of the size 
of the development. 
Short-term impacts of conventional thermal, combined cycle, 
nuclear and also conventional hydroelectric or pumped storage 
options are likely to be of similar magnitude during the 
construction phase. In the long term, the site specific 
hydroelectric and pumped storage options are generally likely 
to cause relatively more severe disruptments. However, un-
derground compressed air and pumped storage alternatives 
offer a number of advantages in reduced environmental impact. 
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6.2 - Approach 
The various environmental considerations that apply to each 
alternative are identified, but at this stage, specific sites 
will not be discussed. Both short- and long-term environmental 
impacts of alternatives are reviewed at two major levels: 
1. direct - caused by system operation; and 
2. indirect - caused by the fuel supply system. 
The impact analysis is summarized in Tables 6.1 and 6.2. The 
impact matrix of Table 6.1 is provided merely to identify the 
various considerations involved and to provide a very general 
qualitative rather than quantitative comparison. An attempt 
to equate index units between categories, and addition or 
averaging of index values to obtain comparisons between al-
ternatives would have no practical validity. 
Three energy efficiency factors have also been assessed in 
Table 6.1. The generation efficiency is the average thermal 
efficiency for each power cycle and is inversely related to 
the amount of fuel used to generate a fixed quantity of 
electricity. The energy efficiency 1 is the ratio of net usable 
energy output to total energy input for each fuel supply sys-
tem and indicates the "energy profitability" of that system. 
The storage cycle efficiency is the ratio of energy released 
to energy stored for a typical operating cycle and indicates 
the total energy cost of storage. 
Table 6.2 is a summary of impact analysis of power generation 
schemes published by the AEC in 1974.2 The impact matrix was 
developed primarily from these data, with other references 
used for corroboration. 3' 5, 6. Controversial estimates 
are identified and discussed in the text. 
Original AEC estimates were based on the annual energy genera-
tion from a 1000 MW unit at 75 percent load factor. For this 
study, such a basis is unreasonable - for example, gas turbines 
would not operate much above 15 percent annual load factor. 
Hence, values in Table 6.2 are related to 10 b kWh of electric 
energy production in each case. 
No attempt has been made to assess transmission line corridor 
impacts at this stage since specific project sites have 
generally not been considered. Corridor impacts for all 
thermal, battery, compressed air and underground pumped stor-
age alternatives may be considered roughly equal, since these 
plants would normally be located close to the load center. 
Note: For list of references, see Page 6-11. 
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6.3 - Short-Term Impacts 
Construction of conventional oil-fired thermal, combined cycle 
thermal, or nuclear LWR generation alternatives would disrupt the 
project site in a similar manner. Inhabitants, human or other 
wise, would be subjected to loud noises, foul-smelling and poten-
tially harmful machinery exhausts, and air-borne dust. Machinery 
traffic could disrupt local transport routes and associated com-
mercial activities. Construction in undeveloped areas would des-
troy existing vegetative cover and drive wildlife from the site. 
Construction of gas turbine generating capacity could have a much 
smaller short-term impact. The units are compact, so generation 
might be decentralized - one or two units placed in a number of 
existing facilities. In this way, site disruption would be mini-
mized. 
Conventional hydropower and the pumped hydro schemes would disrupt 
existing bodies of water, altering natural aquatic environments. 
Potential short-term effects due to construction-generated turbidity 
and septic inflows from on-site temporary sanitation facilities would 
not be significant if regulatory requirements are enforced. Further-
more, because suitable storage sites are usually located in sparsely 
developed areas, disruption of human activities may be minimal. How-
ever, the indigenous flora and fauna may be severely disrupted. 
Underground pumped hydro and air storage would have less impact 
because of their smaller surface manifestations. 
Short-term socio-economic impacts would depend primarily on the size 
of the project in question. Construction of any alternative could 
require as many as 2,000 workers on site at one time, although 
usually fewer workers would be present. If local workers are hired, 
nearby communities will benefit from a boost in employment. If 
outside workers are imported, local businesses may profit from an 
expanded consumer populace. However, the influx of a large number 
of outsiders might adversely effect neighborhood and community 
structure, and burden existing schools and services. 
6.4 - Long-Term Impacts 
6.4.1 - Power Purchase 
The environmental impact of any power purchase scheme is 
the sum of the impacts each supplier causes to provide the 
power purchased. The supplier in this case is assumed to 
be conventional thermal steam generation, so the long-term 
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impacts are those associated with coal-, oil-, or gas-fired 
steam plants. However, suppliers sell power only if an ex-
isting reserve exists, so that purchase schemes would cause 
little additional impact beyond the extra pollutants (air 
and thermal) released during generation of the needed power. 
6.4.2 - Conventional Oil-Fired Thermal Generation 
Major impacts for this alternative are associated with air 
and thermal pollution. Sulfur oxide emissions are particu-
larly deleterious, especially when stack gases are unscrubbed. 
Oxides of sulfur are known to cause leaf damage to trees and 
shrubs and may accumulate to harmful levels in the soil, af-
fecting herbaceous plants and crops. Many epidemiologists 
feel that nitrogen and sulfur oxides cause or aggravate respi-
ratory disorders and cancer in humans 2. However, this assertion 
has yet to be conclusively demonstrated - public health studies 
have been severely hampered by the chemical complexity of multi-
pollutant air mixtures and the problem of maintaining adequate 
experimental controls on human subjects. Hence, although no 
health impairment data are given in Table 6.2 for fossil-fuel 
air pollutants, they may well pose a threat to public health. 
The impacts of thermal discharges to natural water bodies are 
well documented. All classes of aquatic organisms may be ad-
versely affected. Thermal additions may kill organisms 
through heat shock, interfere with their osmoregulation and 
reproduction, stimulate nuisance bacterial and algal growths, 
and reduce ambient dissolved oxygen concentrations. If wet 
cooling towers are used to disperse waste heat, impacts would 
include extensive local fogging and icing, water pollution due 
to system blowdowns, visual disruption of landscapes (es-
pecially for enormous natural draft wet towers), and consump-
tion of water. 
Serious environmental degradation may be caused by other as-
pects of the cooling water cycle. Aquatic organisms may be 
killed or injured when entrained in the condenser water flow. 
Entrained fish are especially susceptible to thermal and 
mechanical stresses. Screening intake waters to exclude or-
ganisms produces a waste disposal problem - trash (including 
dead fish) adhering to separation racks and screens must be 
removed periodically. If this trash is dumped or backwashed 
at the plant site, water quality will be further degraded. 
Finally, algicides and anti-corrosives added to protect con-
denser system machinery may endanger organisms inhabiting the 
outfall area. 
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Socioeconomic impacts associated with oil-fired plants in-
clude effects on local tax bases, property values, employ-
ment, and community structure. A privately-owned generating 
plant would considerably augment community tax revenue. 
However, residential property values might well decline near 
or downwind of the plant. A recent study by Crocker and 
Anderson°estimates an average annual property depreciation 
cost of $600,000 (exclusive of property tax revenues) as-
sociated with a fossil-fuel power plant. Although this figure 
is high, it is small in comparison to the revenues generated 
by any large plant. Indeed, as much as 75 to 85 percent of 
the actual operating budget of a small town (less than 10,000 
population) may be provided by the tax revenues collected 
from a 1000 MW generating station. For instance, in Pennsyl-
vania the projected annual state revenues from such a plant 
would equal approximately $30,000,000. 
A large fossil fuel power plant would have relatively minor 
long-term impact on local employment; usually these plants 
employ only 100 to 200 full-time staff. 
6.4.3 - Gas Turbine Generation 
Distillate oil-fired turbine generation would be "cleaner" 
than conventional residual oil-fired generation, exhausting 
significantly lower quantities of sulfur oxides (Table 6.2). 
Furthermore, there is no cooling water requirement, although 
some water may be consumed for emission control of nitrogen 
oxides. Impacts of natural or synthetic gas fueled turbines 
would differ significantly from those listed in Table 6.2. 
Gas-fired turbines are not considered because: 
- Domestic natural gas reserves are limited and future 
supplies for New England are uncertain, 
- Synthetic gas is produced from coal, which is not indigenous 
to New England, 
- The turbines are relatively inefficient, requiring more 
fuel per unit power output than other generation alter-
natives . 
Because turbines are compact and can be retrofitted to existing 
facilities, their installation and use entails fewer aesthetic 
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or land-use disruptions. However, turbines are relatively 
noisy, causing problems of occupational safety and neighbor-
hood annoyance. 
6.4.4 - Combined Cycle Thermal Generation 
Adoption of combined cycle thermal generation entails most 
of the adverse impacts of gas turbine generation as well as 
those associated with a modest condenser cooling water re-
quirement (much less than for nuclear or conventional thermal 
processes). The advantages of this system are primarily 
economic - combined cycle thermal efficiency is now 35 per-
cent, with efficiencies as high as 42 percent expected in the 
near future. Thus, combined cycle plants produce less emis-
sions per unit of power generation. 
6.4.5 - Nuclear (LWR) Generation 
The total impact attributable to nuclear generation is un-
certain. The long-term health effects of radioactive emis-
sions from power plant, fuel supply,transport and waste disposal 
systems are not fully understood. Estimates of catastrophic 
risk, those associated with low probability high impact 
events (such as core meltdowns) are highly controversial. 
Table 6.2 lists AEC estimates of occupational and public 
health impact excluding catastrophies and criminal activities 
(sabotage or theft). These are based on health risk assump-
tions which have been challenged. In fact, the safety of 
virtually every phase of the nuclear power cycle has been 
seriously questioned; to date, the answers have not been 
universally accepted. 
Because of lower operating efficiency, LWR generation also in-
volves more thermal pollution than a similarly-sized fossil 
fuel plant. Air quality would be somewhat degraded by the 
entire nuclear fuel cycle. Air pollutants listed in Table 6.2 
are attributable to electric power requirements during fuel 
reprocessing. However, if this power were provided by 
another nuclear facility, air pollution attributable to nu-
clear power generation would be negligible. 
Socioeconomic impacts are similar to those associated with 
large fossil fuel plants. Because nuclear facilities are 
more expensive to equip, derived tax revenues should be cor-
respondingly greater. Community impact is more difficult 
to gauge. The public might perceive nuclear plants as clean 
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power sources, or as health hazards because they have been 
so often publicly maligned. Property values near the plant 
would vary accordingly. 
In terms of national economic impact, the adequacy of con-
tinental uranium reserves has been questioned. The AEC 
estimates given are by no means universally accepted. Re-
liance on breeder reactors to produce nuclear fuel would en-
tail many of the public health uncertainties already dis-
cussed. Moreover, the storage and handling of such highly 
dangerous radioactive materials would require security ar-
rangements to prohibit sabotage, theft, or other criminal 
activities. 
6.4.6 - Hydropower 
Conventional hydroelectric generation would not directly 
produce significant air, water, thermal, or noise pollution. 
However, the natural state of existing bodies of water would 
be radically altered by impoundment. Among documented con-
sequences are gradual thermal loading, stratification of 
reservoirs, increases in dissolved and suspended nutrients, 
summertime occurrences of nuisance algal blooms, increased 
sedimentation, increased evaporative water losses, and 
radical shifts in biotic community structure. Impoundment 
would inundate sizable tracts of land, driving out terres-
trial inhabitants (including humans) and destroy potentially 
productive stream bottom habitats in and immediately down-
stream of the reservoir. 
However, reservoirs might offer significant recreational potential. 
Properly managed impoundments could be stocked with game-
and pan-fish. Boating, swimming, and other water-based 
recreation could be made available for public use. More 
importantly, however, is the development of a renewable 
energy supply at a very high efficiency and which is not sub-
ject to inflationary cost trends. 
6.4.7 - Conventional Pumped Hydro 
This alternative would entail all of the problems of hydro-
power although the degree is variable. Two impoundments are 
needed and, because water is passed back and forth between 
each reservoir, nutrients and heat can accumulate in the 
system under certain operating conditions. Moreover, large 
amplitude/short period water level fluctuations are neces-
sary, discouraging recreational development. However, 
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pumped hydro sites can also be developed using only one 
natural reservoir and a river, with correspondingly re-
duced impact. 
6.4.8 - Underground Pumped Hydro 
In this alternative, location of the lower reservoir under-
ground overcomes a major objection to pumped hydro. Further-
more, it may enable isolation of the upper reservoir from 
existing bodies of water (the stream used to fill the 
reservoir could be diverted around it). 
Adverse impacts on surface water quality are also virtually 
eliminated. However, the possibility of groundwater con-
tamination must be considered. 
6.4.9 - Underground Air Storage 
This alternative shares many of the environmental advantages 
of underground pumped hydro, but the underground compressed 
air energy storage concept is fuel dependent. Air storage 
is most efficient if water is used for pressure compensation. 
The water requirement is 1/5 to 1/10 that for pumped storage. 
Here again, adverse impacts on the receiving body may be elim-
inated if the reservoir is isolated from natural water supplies 
Compressed air storage systems are based on the use of combusti 
turbines to produce electricity. Although pressurizing the air 
supply would greatly increase turbine efficiency, air storage 
would still be less efficient than pumped storage. In addition 
air pollutants characteristics of turbine exhausts would be 
released. 
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APPENDIX A 
CALCULATION OF MONTHLY 
TO PEAK LOAD RATIOS 
APPENDIX A 
CALCULATION OF MONTHLY 
TO PEAK LOAD RATIOS 
The NEPOOL load forecasts for 1976 and 1977 are indicated in 
Table A.l together with the average monthly to peak load ratios. 
For a constant 5.2 percent annual load growth, these ratios would 
be expected to vary. However, the relationship between successive 
December and January loads, the annual peak, should remain constant. 
The forecasted January 1977 load is therefore: 
1.052 x 13908 = 14631 MW 
Maintaining the NEPOOL relationship between the December 1976 and 
January 1977 loads, the new December 1976 load would then be: 
14492 x 14631 = 14604.8 MW 
14518 
Thus, the actual January monthly to peak load ratio should be: 
13908 t 14604.8 = 0.9523 
This represents a relationship to NEPOOL's average ratio of: 
0.9523 f 0.9544 = 99.78 percent. 
Accordingly, each of NEPOOL's ratios was adjusted by a-factor of 
0.9978 in relation to the December peak. 
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APPENDIX B 
GENERAL ELECTRIC COMPANY 
OGP-3 PROGRAM DESCRIPTION 
B- 1-1 
I. SCOPE OF PROGRAM 
The Optimized Generation Planning Program, OGP-3, is a 
computer program developed by the Electric Utility Engineering 
Operation of General Electric. 
The objective of the OGP-3 Program is to develop an 
optimum generation expansion. Given user defined types of 
thermal generation to evaluate, the program combines reli-
ability, investment and production costing calculations with 
decision making logic to determine an optimal generation ex-
pansion plan. 
In order to meet the increased emphasis on environmental 
considerations in generation planning studies, the scope of 
the program was recently expanded to integrate environmental 
emission factors with the traditional system operating aspects. 
OGP-3 provides the system planner with a fast and inex-
pensive means of determining an optimum generation expansion plan. 
The program can also be used to examine many planning questions 
involving unit size, unit mix, unit slippage, inflation, costs, 
outage rates and environmental emissions. 
The Optimized Generation Planning Program is available on 
the General Electric Mark III System. Users may access the program 
in their office via a remote computer terminal. 
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PROGRAM DIMENSIONS 
Number of years to study 20 
Number of companies 25 
Number of maintenance intervals 12 
Number of thermal types to evaluate 6 
Number of fuel types 20 
Number of thermal units 250 
Number of units to add and/or subtract 
each year 50 
Number of nuclear units 75 
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The Generation Planning Program was developed as a package of two programs. 
1. The Data Preparation Program, or DP 
Required input: 
. Load Model 
. Generation or Capacity Model 
. Card input defining operating rules 
The D P Program reads the load model tape and generation model tape 
and merges the information retrieved from them into a year by year 
history of the pool loads and generation. 
2 . The Generation Planning Program, or GP 
Required input: 
. Merged historical data 
. Card input defining operating rules 
The G P Program permits the evaluation of up to six expansions in 
any one year: nuclear, fossil, gas turbine, mid-range and two other 
thermal types. For each type to be evaluated, the program performs 
a reliability calculation to measure system reliability and units 
of the type being evaluated are added to the system until the risk 
index is m e t . Next an investment cost routine calculates the annual 
costs due to capital investment. Finally, the production cost 
routine determines the annual costs for fuel and O&M charges. At 
the end of each year, after all the types have been evaluated, the 
program selects the minimum total cost expansion as the system for 
the year and permanently adds units of this type into the system. 
Definition of terms commonly used in manual: 
A tape is sometimes referred to as a file 
Generation model units or data file units are units described in generation 
model file 
Manual addition units are existing and committed units described by card input 
to Data Preparation Program. 
Automatic addition units are future units that are added automatically by the 
program to meet a prescribed system reliability index. 
Manual expansion is a fixed expansion. Committed units only are added to the 
system and an annual reliability, investment cost and production cost evalu-
ation of the system is made. 
Automatic expansion is an expansion in which committed units are added to the 
system and a reliability evaluation is made. If the system capacity is not 
adequate to meet the prescribed system reliability index, the program auto-
matically adds units of the type and size dictated by card input operating 
rules. A n investment cost arid production cost evaluation is also made. 
Card input refers to input data read from "cards" on a perm file. 
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Load Model 
Each year is divided into calendar months 
Each month has a different set of loads 
Each month is described by 2 load models 
1. Probability load model, used by the reliability evaluation routine 
Each month is defined by 4 MW loads that describe the distribution of the 
weekday daily peaks for the pool at 0, 20, 40 and 100 percent of the time. 
Weekdays only are considered. 
POOL 
LOAD 
IN 
MW 
o Jt.0 Ho /OO 
. — TIME 
January 
21 Weekdays 
2 . Production Costing load model, used by the production costing routines. 
Each month is defined by 24 hourly M W loads that describe a typical weekday 
for the pool and 24 hourly M W loads that describe a typical weekend day foi 
January January 
21 Weekdays 10 Weekend days 
Load model data may not be changed by card input. If any of the data store 
on the load model file needs to be modified, a new load model tape must be 
created. 
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Generation Model 
All thermal and hydro units, existing and committed, are defined for each 
company 
Ail thermal and hydro units are identified as one of eight diCferent types 
Types 
Nuclear 1 
Fossil 2 
Gas Turbine 3 
Mid-range h 
Thermal Type 5 5 
Thermal Type 6 6 
Conventional hydro 7 
Pumped storage hydro 8 
Depending on what type it is, the following information is stored in the gen 
eration model f i l e . 
NUCL 
FOS 
GT 
MR 
CONV 
HYD PSH 
X X X X 12 Character station identification 
X X X X Installation year (2 digits only) 
X X X X Type of unit 
X X X X Company index in pool list 
X X X X 7o owned by company 
X X Net station heat rate (BTU/KWH) 
X Pumped storage pond size (MWH) 
X X X Maximum net output (MW) 
X Pump rating (MW) 
X Cost, c/MBTU, coal, oil and gas 
X % of time, coal, oil, gas 
X ' Fuel burnup cost, c/MBTU, for installation 
year, inst. year + 3, inst. year + 6, inst. 
year + 9 , inst. year + 12 
X Fuel inventory cost, $/YR/KW, for installation 
year, inst. year + 3, inst. year + 6 , inst. 
year + 9 , inst. year + 12 
X Monthly maximum output (MW) 
X Monthly minimum output, (MW) 
X Monthly energy (GWH) 
X X Environmental emission data
 ; 
Description of the generation model file: 
The generation model data are stored on a magnetic tape in variable size 
record blocks. 
The maximum number of units that can be described in each record block is 2 5 . 
The order of the companies studied agrees with the order in which companies 
are described by the load model file. 
Data stored in the generation model file may be changed by card input to the 
Data Preparation Program. 
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IX. logical Structure of Data Preparation Program 
Read general data 
If not inputted, determine 
Smallest fossil unit to consider 
Size of lumped fossil units 
Size of lumped gas turbines 
Read one record from generation model file 
Option to override data by cord input 
Print record 
Process generation model data 
Build master list of units 
More records to be read? 
I l 
No Yes 
Read manual additions from cards (optional) 
Add automatic expansion units to master list 
For each unit in list, develop characteristics based on standard tables 
Print master list and standard tables 
Write general data record on interface file 
(file 03), which will become input to generation 
Planning Program 
Process annual retirements and additions 
Write annual record on interface file 
Fossil units smaller than about .3% of the system are accumulated into one lumpe 
fossil unit. Before the identity of the individual unit is lost, jtt: MW rating 
is added to th-2 company total and its retirement date is determined. After all 
the units in the study have be.en processed, the lumped fossil unit is broken int 
units of about 1% of the system. The characteristics assigned to tlie^e units 
are: 
Company 
Forced outage rate 
Fuel cost 
Fuel input at m i n . 
Fuel input at m a x . 
Heat rate 
Inflation pattern 
Installation year 
M i n . rating, M W 
C&M 
Planned outage rate 
Retirement 
Station name 
Plant ID 
Environmental. Emission 
none-
Standard table, fossil, Thermal Type 2 
Average of fuel costs of units comprising entire lump 
Standard table, fossil, Thermal Type 2 
Standard table, fossil, Thermal Type 2 
Average heat rate of units comprising entire lump 
Pattern assigned to fossil Thermal Type 2 
0 
Standard table, fossil, Thermal Type 2 
Standard table, fossil, Thermal Type 2 
Standard table, fossil, Thermal Type 2 
Standard table, fossil, Thermal Type 2 
EQUIVALENT 
U n s i t e d , i.e., Plant ID = 1 0 0 , Region ID = 25 
Standard tables, fossil, Thermal Type 2 
Only Thermal Type 2 units 1 read from generation model file will be lumped, 
that are manually added are not lumped. 
Units 
By card input, user may inhibit program from lumping fossil units. 
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I.i'ra;>ocl Gar, Turbines 
Gas turbine units smaller than 4 times the size of the capacity table step are 
lumped by company. (Option to read specific MW unit size by card input.) The 
characteristics assigned to these units are: 
Company 
Forced outage rate 
Fuel cost 
Fuel input at rain. 
Fuel input at m a x . 
Heat rate 
Inflation pattern 
Installation year for 
units in original system 
M i n . rating, M W 
O&M 
Planned outage rate 
Station name 
Retirement 
Plant ID 
Environmental emission 
Same ; 
Standard table, Thermal Type 3 
Average of fuel costs of units comprising 
lumped unit 
Standard table, Thermal Type 3 
Standard table, Thermal Type 3 
Average heat rate of units comprising 
lumped unit 
Inflation pattern associated with Thermal Type 
Average year of units comprising lump 
Standard table, Thermal Type 3 
Standard table, Thermal Type 3 
Standard table, Thermal Type 3 
G.T. Lump n (where n = 1, 100) 
None (Program disregards retirement year) 
Unsited, i.e., Plant ID = 100, Region I D = 2 5 
Standard tables, Thermal Type 3 
Note: Only gas turbines that are stored in generation model file will be lumpec 
Gas turbines that are read from card input are not lumped b y the program. 
By card input, user may inhibit program from lumping gas turbines stored 
in generation model file. 
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Hydro 
Hydro data is input as individual station data and then lumped 
into one conventional hydro plant and one pumped storage plant. 
The reliability routine uses derated values of the hydro plants in 
order to represent forced outage rate. The deration multiplier is 
read in from cards and applies to both the conventional hydro and 
pumped storage hydro units. 
• Conventional hydro 
Each station is described by monthly maximum output in M W , 
monthly minimum output in M W , and monthly energy in GWKX. (The 
program converts the energy to MWHR per month.) The peak monthly 
maximum output in M W is added to the appropriate company totals. 
The unit data is then added to the lumped conventional hydro data. 
• Pumped storage hydro 
Each unit is described by the generator rating in M W , the 
pump rating in M W and the pond size MWH. The generator rating in 
MW is added to the appropriate company totals. The unit data is 
then added to the lumped pumped storage hydro data. The cycle 
efficiency of the lumped plant is read in by card input. 
Jointly owned units 
In a study where a unit is not 1007. owned by the pnol being studied, 
the program assigns unit characteristics as follows: 
Pool 7. of unit rating 1007. of unit rating 
Min. and max. rating x 
Fuel input at min. & max. x 
Forced outage rate x 
Planned outage rate x 
Plant cost ($/KW) x 
e&M cost ($/YR/KW) x 
Company ID number of 
company owning largest 
percent of unit. 
Inflation pattern associated 
with company owning largest 
percent of unit 
Plant Cost modifier Weighted average of company plant cos; modifier? 
Fixed charge rate Weighted average of company fixed charge rates 
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Fuel Cost Options 
Each thermal type has an associated fuel type. 
Units described in generation model file: 
Option 1 - Use fuel costs read from generation model 
Option 2 - Use fuel type data associated with thermal type of unit 
Note: Fossil, Thermal Type 2 , has a fuel type associated with 
each company 
Units added manually: 
Read specific fuel cost by card input 
If fuel cost data not provided, program will use fuel data associated with 
thermal type unit. 
Note: Fossil, Thermal Type 2, has a fuel type associated with 
company 
Units added automatically: 
Program will assign fuel type data associated with thermal type 
Note: Fossil, Thermal Type 2 , has a fuel type associated with 
company. 
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III Logical Structure of Generation Planning Program 
Read general data record from interface file 03 
Read general data from cards 
Option to read annual data from cards 
Update annual data 
I * 
Perform reliability calculations 
Loop on 
Types Compute capital investment costs 
To be 
Studied Perform production cost calculations 
Print production cost output 
Select minimum cost expansion 
If look-ahead features used, recalculate reliability 
and production cost 
Present worth costs 
L 
Write summaries 
Loop on 
Years 
To Study 
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Modify Loads Due to Contracts 
M W contractual purchases and sales and the hours per day, weekday c l y 
or weekday and weekend, can be read by card input. The reliability 
M W load model is modified by the amount of the MW purchase or sale. 
In the case of the production calculations load model, card input will 
determine how many of the hourly MW loads (commencing with the peak 
hour downward) will be modified by the contracts. 
Purchases, which are entered as positive numbers, are load reducers. 
Sales, which are read in as negative numbers, are load adders. 
Each contract is individually cos ted. The demand charge is calcu-
lated on a monthly basis and is included in investment c o s t . The 
energy charge is based on total MWHRS each month and is accumulated 
as part of the fuel cost. 
Reliability Calculations 
Reliability calculations are made in order to determine a system risk 
index. This system risk Index measures the expected days of capacity 
shortage per year. This calculated risk index is tested against a 
risk goal which was read by card input. Normally, this goal index 
is 0.1 days per year. If the calculated index is greater than the 
goal index, the system is termed "not reliable" and as much capacity 
as is needed, is added to the system until the calculated value is 
less than the input value. 
To perform these reliability calculations, the program calculates a 
cumulative probability of M W on outage table. U: ing monthly peak 
loads and tihe cumulative probability table, a LOLP, or loss-of-load 
probability for ths weekdays in the month is calculated by the program, 
taking into account MW of planned outage. The monthly LOLP's are 
accumulated and become, the annual loss-of-load probability. Load 
variations are an input option. 
To speed up the calculations, use is made of effective capabilities 
of unit.-; and average MW on maintenance. 
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Selection of Unit Sizes 
Each year the program examines the list of unit sizes, by type, that 
are available for automatic addition when the system reliability 
criterion has not been satisfied. 
By examining the unit size goal, X units in Y years, the program 
calculates the MW size of a nuclear or base load fossil unit or 
units necessary to meet the average load growth times an estimated 
percenL reserve. From the table of unit sizes, (taking into 
account the first year when the unit size is available) the program 
determines the nearest unit size needed to meet the goal. 
The size of the gas turbine is 1 percent of the total generating 
capability. 
The mid-range unit size is one year's load growth. 
The program has the optional capability of meeting a small MW 
deficiency with gas turbine rather than installing a base load 
unit or a mid-range. The purpose of this is to avoid excessive 
overbuilding with large base load units, which could prejudice 
their economic selection. 
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Levelized Fuel and Q&M Cor, t Option 
Each year the program makes an evaluation of the costs incurred by each 
of several types studied and selects the minimum cost expansion as 
the optimum expansion, By using only one year's costs to make an 
economic decision, inflation is not recognized. A program option is 
to look ahead X years (X is input data), and levelize the fuel and 
0&M costs of all the units in the system. These levelised cosis are 
used in determining the optimum expansion. The actual fuel and 9&H 
costs of the optimum expansion are restored and a production cost 
evaluation is made. 
Mature Outage Rate Option 
When unit types are being evaluated to determine the optimum expansion, 
an optional feature of the program will allow mature forced and planned 
outage rates to be assigned to the unit types under study. After the 
optimum expansion has been selected, the immature rates are restored 
and the year is recalculated. If the reliability calculations shov 
that the risk Index has not been m e t , units are added until the system 
is termed reliable. Investment cost and production cost calculations 
are made. 
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A1 location of Units 
B;<:;e load units and mid-range 
The locating logic in the program computes a reserve for each com-
pany and compares it against lower and upper limits. If there 
exist reserves below the lower limit, the unit will be allocated 
to the company with the lowest reserve. If there arc none below 
the lower limit, the program will test the upper limit and will exclude 
from consideration all companies with reserves above the upper limit. 
For the remaining companies, an economic evaluation is made by cal-
culating an investment, fuel and transmission cost. The unit is 
allocated to that company which has the minimum total coat. 
Gas Turbine 
If company reserves fall below lower limit, company with the lDwe3t 
reserve is assigned the unit. If company reserves are above upper 
limit, these companies are excluded. For the remaining companies, 
the program calculates how much peaking generation each company has 
relative to its total capacity. The unit is allocated to that company 
which has the lowest percent of its capacity in peaking. 
Capital Investment Costs 
The investment cost routine computes the total capital investment for 
plants added to the system, and then calculates the annual investment 
cost on the basis of a levelized fixed charge rate. 
Demand charges associated with monthly contracts are included in the 
investment costs. 
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Product-, ion Cost Calculations 
Production cost calculations are made month by month. Each 
month is defined as to the number of weekdays and weekend drys 
within that month. Furthermore, these days are broken up into 
six committment zones. In each weekday, there are four comt, itt-
cient zones of 4 , 4, 4 , and 12 hours each. In each weekend t ay 
there are two zones of 12 hours each. 
Bach yaar the program assigns to each unit an integral number of 
months of maintenance, based on its planned outage race and forced outage 
rate. In scheduling the maintenance for the year, the progrtoi attempts 
to levelize load plus M W of maintenance. 
A commitment list, or priority list of thermal units is developed 
based on full load fuel co3ts> ordered from low cost to High cost. 
The load model tape contains 24 hourly loads for each weekday and 
24 hourly loads for each vaakend day for every month. These hourly loads 
are modified by purchases and sales, conventional hydro generation, and 
pumpad hydro generation in order to determine the loads that the thermal 
generation must serve. 
These hourly loads are initially modified to take Into account 
the firm purchases and sales that exist between the pool being studied 
and utilities outsida that pool. A purchase subtracts from the load model 
for the number of paak hours specified in the input. A sale adds to the 
load during thase peak hours. 
Conventional hydro modifies the load in the following raannar: 
1. The run of river energy that must be produced by this hydro 
is taken Into account by subtracting a constant capacitv 
from every hourly load in the month. 
2. After this run of river energy is used, there still may 
exist energy in the dam which can be used for peaking. If 
this is so, the program loads the hydro to its maximum 
rating during the peak hours of the month until the total 
energy that the hydro is capable of producing is expended. 
Peaking Energy. 
LOAD 
Run-of-River 
Energy , 
CONVENTIONAL HYDRO DISPATCH 
Weekday Weekend 
j / ^ ; r 7 " 7 ^ 7 
MONTHLY LOAD DISTRIBUTION 
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The pumped storage hydro economic dispatch begins by computing the 
cost (taking into account the cycle efficiency) of pumping the pond with 
thermal units that are available during the low load hours on the weekend 
and comparing It with the cost of generating power with thermal units 
during the peak load hours of the weekday. This comparison i3 rep. ited 
until it i3 determined that it is uneconomic to utilise the pumped hydro 
o i the weekend. The program assumes that units which prove economical to 
pump on the waekend may pump during the weekday low load hours. It is 
also assumed that any nuclear units that were committed at night on a 
weekday th3t were not committed at night on a weekend will be economic 
for pumping. In addition, thermal unit3 which are committed on the week-
day nights but not committed on the weekend nights must be loaded to 
minimum load. Therefore, the program assumes they will pump at their 
minimum rating. Thus the program has determined a "maximum economic pump 
line" to which pumping is permitted on the weekend and on the weekdays. 
PUMPED HYDRO ECONOMICS 
HOT; 
1) The cost of pumping with units #1 - 3 is cheapar than generating power 
with units # 5 - 9 . 
2) Level "B" represents the maximum power of nuclear units committed at 
a and not at b . 
3) Level "A" represents the minimum power of all non-nuclear units committed 
at a and not at b . 
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The program then a'( Lows pumping during low load hours subjcct tc 
the following constraints: 
1. The pump rating must not be exceeded. 
2 . The reservoir limit must not be exceeded. 
3 . The "maximum economic pump line" must not be exceeded. 
The pumped hydro generates on the weekday peak hours within the 
following limits: 
1 . The generator rating must not be exceeded. 
2 . The energy generated during this high load period must not 
exceed the energy available in the pond due to pumping in 
low load hours. 
After hydro modifications, there remain loads which m u s t now 
be served by the thermal units on the system, A priority list based 
on full load cost and variable O&M is developed. In the standard 
option, the sum of forced and planned outage determines the number 
of months each unit will be on maintenance. If the random forced 
outage option is used, the number of months of maintenance is based 
on the planned outage rate of each unit. A maintenance schedule 
where load plus reserve is levelized, is developed by the program, 
A commitment list based on load plus spinning reserve is 
determined for each commitment zone. Minimum up time rules are 
considered. 
L _ A 1 
Minimum Up Time 
B 
Weekday Weekend 
Rule 1 - Must run all week 
If committed at A , must be committed at A , A * ' , A 1 " , B 
and B ' 
Rule 2 - Must run all weekdays 
If committed at A , must be committed at A " , A , A 1 " 
If committed at B, must be committed at B ' 
Rule 3 - If committed, must m m all hours of committment zone 
For each commitment.period, the units committed are reordered 
according to their DFDP's and an hourly dispatch to meet load is 
performed. 
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Should the random forced outage option be used, the dispatch 
logic works as follows: V-'ithin each zone of constant commitment, 
the generating units in the committment are arranged in their 
DFDI1 loading order. As the power system evolves through time, 
these units are sequentially dispatched until each load has been 
met. Hovever, as the units are dispatched, it is recognized that 
each unit will be out of service for a period of time proportional 
to its forced outage rate. During these outage periods, higher 
cost generation is required to come into service. With full 
recognition of all possible combinations of forced outages in the 
system, the program then computes the expected dispatch for each 
generating unit. Also recognized in these calculations are 
operating policy constraints and spinning reserve requirements, 
with respect to the generating units beyond the commitment. That 
is, once some combination of forced outages forces a unit beyond 
the commitment to come into service, the program requires that 
unit to remain in service for the rest of the commitment rone. 
Also, once some combination of forced outages creates a spinning 
reserve violation, the program extends the operating time for a 
sufficient amount of additional capacity to remove the violation. 
Each month's fuel costs, O&M costs and nuclear fuel inven-
tory charges are accumulated and totaled for the year. 
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Environmental Considerations 
An optional feature of the program is to calculate the following environ-
mental factors, based upon the hourly operation of each unit: 
Average Operating Efficiency 
Fuel Consumption 
Heat Rejection into Atmosphere 
Heat Rejection into Water 
• • so
2 
NO 
x 
CO 
Particulates 
Water Consumption 
Through input, the user may direct the program to dispatch and commit unit 
based upon minimizing one or a combination of emissions. 
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IV Modification of Load Shapes 
To Obtain New Load Factors 
Monthly Peak Modification 
ISPEC^O and MOD=l option 
Month/Annual 
Peak Ratio 
(PU) 
1.0 
. 8 •• 
.6 * 
.4 --
. 2 
0 
Valley depth 
MONTH 12 
(i) Allocate annual energy delta according to "peak valley depth". 
Skip months as indicated by input 
(ii) Raise month/annual peak to increase monthly energy according to 
allocation (i) 
(i) Each month y y 
1.0 - Ratio * DELTA 
I (1.0 - Ratio) 
m=l 
Daily Shape Modification 
ISPEC/0 and MQD=0 option 
Hour/Month 
Ratio 
(PU) 
(i) Allocate annual energy delta to months according to original 
monthly energies 
Skip months as indicated by input 
(ii) Allocate monthly energy delta to day type according to origi-
n a l day type energy each month 
(iii) Raise hourly-month ratios according to "hourly load valley" 
according to allocation (ii) 
APPENDIX C 
COST ESTIMATE 
SUMMARIES 
APPENDIX C 
COST ESTIMATE SUMMARIES 
NUCLEAR PLANTS 
$/kW 
Wash 1345* 
(1300MW) 
EBASC0 
(1000MW) 
Littl e/Stoller 
(1150MW) 
Direct Costs ) 
Engineering & ) 
Administration ) 
375 
454 
100 
409 
59 
Contingency (15%) 
375 
56 
554 
83 
468 
70 
Total Construction Cost 
Interest During 
Construction 
431 
194 
637 
287 
538 
242 
Total Project Cost 625 924 780 
Assumed Cost for Study - $750/kW (1150 MW single unit) 
*Design requirements changed after estimate made — see 
Little/Stoller report, pp. 77 and 79. 
OIL-FIRED BASE LOAD PLANTS 
$/kW i 
Wash 1345 
1 EBASC0 Little/Stoller 
(1300MW) 1 (1000MW) (800MW - 3 units) ! 
Direct Costs 257 1 182 228 
Engineering and 
Administration 57 55 25 
314 237 253 
Contingency (15%) 47 36 38 
Total Construction Cost 361 273 291 : 
Interest During 
i 
i 
Construction 113 85 91 
Total Project Cost 474 358 382 
Assumed cost for study $400/kW (800 MW single unit) 
$430/kW (600 MW single unit) 
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COMBINED CYCLE PLANTS 
r i $/kW 
i MMWEC GE/WEST.EBC 
! 
| Equipment ) 
! Site Facilities ) 
\ 
225 
180 
35 
| Total Construction Cost 225 • 215 
Interest During Constr. 27 26 
| Total Project Cost 
i 
252 241 
i Assumed Cost for Study $250/kW 
GAS TURBINES 
1 ' $/kW 
| Equipment 
! Site Facilities 
95 
25 _ _ j 
( 
j Total Construction Cost 120 
Interest During 
Construction 
i 
9 | 
| Total Project Cost 129 
Assumed Cost for Study 
j 
$130/kW 
HYDROELECTRIC PLA!ITS 
— • • 
Estimate* Project Costs ($x!000) 
ITEM 
Pierce 
Pond 
(220MW) 
Pon-
took 
(300MW) 
Williams-
vill e 
(145MW) 
Cold 
Stream 
(120MW) 
Co i d 
Stream 
(250MW) 
Land, land rights, 
relocations 
12,419 13,381 9,892 4,036 4,036* 
Power facilities 119,701 66,428 39,288 42,820 89,208** | 
Reservoir, dam, 
waterways, etc. 
21,932 46,227 60,010 46,173 69,260***1 
i 
Transmission 9,360 13,680 720 10,080 10,080 
Total 163,412 139,716 109,910 103,109 172,584 
i 
Engineering, Admins-
tration & Contin-
gencies 
44,793 21,141 27,013 25,915 
, 
43,376 j 
I 
Total Construction 
Cost 
208,205 160,857 
j 
136,923 129,024 215,960 
Interest During 
Construction 
62,462 48,257 34,231 
i 
i 
32,256 53,990 
Total Project 
Cost 
270,667 
! 
209,114 
J 
171,154 
j 
161,280 269,950 
$/kW 
; 
1,230 697 
1 
1,180 i 1,344 1,080 
* Assumed same as 120 MW Scheme. 
** Prorstni from 120 MW Scheme. 
*** Assured 502 greater than 120 MW Schere. 
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BATTERIES 
1st cells & structure 
2nd cells P.W.* 
3rd cells P.W.* 
$/kW 
650 
572 
472 
Total Project Cost 1,694 
*Present Worth Basis - 7% discount, 5% escalation 
AIR STORAGE 
1 
Direct and Indirect 
Interest during 
Construction 
$/kW 
175 
52 
Total Project Cost 227 
Assumed cost for study: $225/kW 
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DICKEY-LINCOLN PLANTS 
Estimated Project Costs ($xl000) 
ITEM 
Scheme I 
(944*MW) 
Scheme II 
(944*MW) 
Scheme III 
(1381*MW) 
Land, Land Rights, 
Relocations 
32,460 32,460 33,550 
Power Facilities 148,200 161,700 208,780 
Reservoirs, Dams, 
Waterways, etc. 
237,470 237,470 263,070 
Total 418,130 431,630 505,400 
Engineering & 
Administration 
44,870 46,370 57,600 
Total 
Allocated to Power 
Transmission 
453,000 
433,350 
125,000 
478,000 
448,350 
125,000 
563,000 
533,350 
144,000 
Total Construction 
Cost (Allocated tc 
Power) 
Interest During 
Construction 
558,350 
84,678 
573,350 
87,179 
j 
677,350 
103,240 
Total Project 
Cost (Allocated tc: 
power] 
643,028 
» 1 
650,529 
i 
780,590 
$/kW 681 | 
_ i 
700 565 
_ 1 
* Total dependable capacity, Dickey and Lincoln School plants. 
Source: Dickey-Lincoln School Lakes Design Memorandum No. 3, August 
1976, and related documents, New England Division, Corps of 
Encineers. 

APPENDIX D 
OGP-3 PROGRAM 
INPUT DATA SHEETS 
D-l 
0GP3 GENERATION I''ANNING STUDY 
Pool or Utility: N E W E N G L A N D P O W E R P O O L 
Study No. P 4 2 0 6 C a s e N o > D a t e 
Load Model Tape No. Name Date_ 
Generation Model Tape No. Name Date 
I . General Input 
First year of study 1 9 8 1 Number of Years 2 0 
Year costs are quoted 19 75 
Present Worth Interest Rate 0 % Year of reference for present w o r t h 1 9 7 6 
Unit size guide (Base Load Unit Types Only): 1 units in 
1 years 
Percent of unit to use for Gas Turbine trim: Nuclear = 0 , Fossil = _0 
G.T. = 0_, Mid-Range = _0 , Type 5 = _0 , Type 6 = 0 . 
Risk Index 0 • 1 days per year or Percent reserve required 
Spinning Reserve Requirement % or MW or 
1 • ^  times largest unit in system but not on maintenance in month being 
studied. 
Percent of unused pumped hydro generation available for spinning reserve 
credit 1 0 0 
Should small fossil units, Unit type 2, be lumped? Y E S 
Should gas turbines defined in generation model file be lumped? ^ O 
Deration multiplier on conventional and pumped storage hydro (Probability 
calculations only) ^ ^ ^ 
Should fuel costs read from generation model be replaced by fuel co3ts defined 
In Section V? Y E S 
Look Ahead: Should optimum be determined by using mature outage rates? Y E S 
Look Ahead: Should optimum be determined considering future fuel and 0&N 
costs? N 0 
A d d a u t o m a t i c u n i t s i n m o n t h o f J a n u a r y . 
D - 2 
r.p I tl[)_ut (i.ont inued) 
In production costing calculations, should off-peak emergency excess 
cap icity be so,Id? Y E S 
It yes, what is maximum sell limit, i.e., maximum percent of 
sum of minimum loadings? 
$/MWH associated with sale of off-peak emergency excess 3 • 6 0 
(Relative to year costs are quoted) 
Inflation rate associated with off peak emergency excess'-;^ 1 
Should the percent reserve be calculated based on installed capacity at 
time of peak? Y E S 
or : 
Based on installed capacity at some other month? 
Should the program allow planned maintenance during the peak load month? 
Y E S 
In production costing calculations should forced outages be considered 
randomly or by extending unit maintenance? Y E S _ 
If y e s , should forced outages be considered randomly in all decision 
passes? N O 
or : 
should forced outages be considered randomly in the optimum expansion 
pass only? Y E S 
Sh 'Id environmental discharge calculations be performed? 
: y e s , should the following output summaries be printed each year? 
Unit Type? N 0 ; Fuel Type? Y E S ; Plant? Y E S ; Region? N Q . 
D-3 
Thermal Type Dal a 
M'i! 
1 
2 
3 
5 
6 
Type 
1 
2 
3 
4 
5 
6 
none 
none 
*Unit Type - Type assigned to units at Generation Model evel 
Type 2, Fossil, will be subject to fossil lumping 
Type 3, Gas Turbine, will be subject to gas turbine lumping 
**Kind of Generation - Used by program to determine unit izes for 
automatic additions and minimum up time L;gic 
-1 Nuclear 
0 Base load fossil 
1 Intermediate (Mid-Range, Peaking Stea:1, Combined Cy le) 
2 Peaking (Gas Turbine) 
Recommended: Thermal Type 1 = -1. 
2 = 0 
3 « 2 
4 = 1 
5 = -1 < 2 
6 •= -1 < 2 
Maximum of two thermal types may be defined as nuclear 
(First nuclear is type 1, second may be type 5 or 6) 
Fuel Type - Program will assign these fue •. types to uni s added 
automatically. Existing and committed units may have u lique fuel 
types. Note: Fossil units, Unit Type 2, are treated oi a Company 
basis. 
Please refer to Section V for definition --f Fuel Type c it a. 
Maximum number of fuel types is 20. 
*** 12 Charactrr N'mr *** 
Default 
. N U C L E A R _ NUCLEAR 
J O S S I L - 8 0 0 FOSSIL 
G/rg~TTlRBIN .; GAS TURBINE 
*** (>_ Chai ictci; Nf^ ,, 
Dt-f ai! i t 
_NUC I 
F O S lL8 
G . T . 
NUCJ 
FOSS 
G.T. 
M I D - R A N G E MID-RANGE M R A K G E MRANfE 
F O S S I L - 6 0 0 F O S l T.fr 
C O M B N D - C Y C L E C-CYGT.E 
Unit Type K 
(* See Below) 
ind of Generation 
(** See Below) ( 
Fuel Type 
*** See l elow) 
Default Dcfault 
1 - 1 -1 1 1 
2 0 0 3 2 
3 2 2 2 3 
4 1 1 3 4 
5 0 -1 3 5 
6 1 1 2 6 
7(Conventional Hydro) 
8(Pumped Storage Hydro) 
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II- I: •' I Type Data (Continued) 
Fo j s 11 Fuel Types; for Unit Type 2 
('••> uiy 
(nr|..'X 
Automatic Manual Units 
Fps/iil_ Fuel Type: 
G e n e r a i o n Model Units 
Fossil Kiic.L Type 
5 
6 
7 
8 
9 
10 
] .1. 
12 
J 3 
14 
1.5 
.1 a 
17 
"1 o 
j I.) 
19 
20 
21 
< 
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1 1 ^ • E'urmissable Uni t Si/.es and Karliest Service Year 
Type 1 - Nuclear Type 2 - Fossil Type 3 - Gas Turbine 
MW YEAR MW YLAR M' YEAR 
1 1 5 0 1 9 8 1 800 1 9 7 6 60 1 9 7 6 
~~ Z Z Z 121.'-. ±3L 8JL 
30L_. lSiifi 
Type 4 - Mid-Range Type 5 Type 6 
MW YEAR MW YEAR MW YEAR 
600 1 9 7 6 10 0 1 9 7 6 
2H1L_ 1SL81 
4JCLL_ 19 86 
Types to be optimized: 
YEAR NUCLEAR FOSSIL G.T. MID-RANGE TYPE TYPE 6 
19 8 1 Y E S Y E S Y E S N O Y E S Y E S 
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IV. Plan? Costs 
Set P J ail t Year MuIt ip I ier Yearly 
Point Cost D-Factor Become:; Multiplier 
(MU') ($/KW) (PU) Effect u-e (PI.:) 
Type 1 - clear 1 0 0 0 750 0 . 0 0 0 1 1 9 7 5 JL,_Q.._ 
Type 2 - Fossil 800 400 0 . 0 0 0 1 1 9 7 5 1 . Q 
Type 3 - Gas Turbine 60 1 3 0 0 . 0 0 0 1 1 9 7 5 1 .0 
Type 4 - Mid-Range 150 .1.6.0 0 . 0 0 0 1 -1025-
T y p e 5 6 0 0 4 30 0 . 0001 _L9_25. LJ1_._ 
Type 6 0 • 0 0 01 19 75 1 ^ 0 
IV. Plant Costs (Continued) 
D-7 
Plant Year Multiplier Yearly 
Cost Becomes Multiplier 
($/KW) Effective (PlQ 
„ . 4 3 7 . 6 1 9 7 5 1.0 
Hydro 
Pumped Hydro 3 3 ° - 3 
1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
Company ****ftp e r Unit Plant Cost Modifier***** 
Index Type 1 Type 2 Type 3 Type 4 Type 5 Type 6 
1 . 0 1 . 0 1 . 0 1 . 0 1 . 0 1 . 0 
D-tf 
IV. Plan . Costs (Continued) 
Fixed Charge Rate, % 
Company 
Index Type 1 Type 2 Type 3 Type 4 Type 5 Tyjae 6 Hydro _PSH 
16.36 16.21 15.97 9 . 00 16.21 15.97 7.52* 7.52* 1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
* See Table 5.11. 
V . Fuel Type Data 
Fuel Fuel Cost 
Fuel 6 Character Name 6 Character Units Variable Cost Inflation 
Type Name Default Fuel Units Default c/MBTU Par i .-m 
1 U - 3 0 8 , U308 L B . U LB.U 34 . 3 1 
2 Tf^-UH. COAL B B L TON 240 .0 I 
3 _# 6 - O I L GAS " MCE 1 8 Q . Q 1 
4 OIL BBL 
5 
6 
7 
8 
9 
10 
1 1 ' 
12 
13 
14 
15 
16 
17 
18 
19 
20 
Nuclear Fuel Fixed Cost, $/YR/KW 
Nuclear Type 1 3 . 1 3 
2 
Time Variation of Nuclear Fuel Costs 
Year of 
Service 
1-3 
4-6 
7-9 
10-12 
13 
Variable Cost Multiplier 
Nuclear Type 1 Type 2 
1 . 0 
T 7 T T 
1 . 0 
1.0 
1.0 
Fixed Cost Multiplier 
Nuclear Type 1 Type 
1 . 0 
1 . 0 
1 . 0 
L,_Q 
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v • Fuel T .-e Data, (Continued) 
Fue 1 Crst CompouH;'. 1 ntlation Patterns 
'attorn ••'! 
Vc I T 1 y 
Year Multiplier MuJ i ipt ' 'i" 
Bocomcu FCfccl.ivy. JJl- u-_l 
1 9 7 5 1 . 0 0 
Pattern #2 19 75 
Pattern it 3 
Pattern //A 
Pattern it 5 
Pattern it6 
Cost of emergency tie energy, $/MWH 
(Referenced to year costs are quoted) .2 8., SO. 
Emergency energy inflation multiplier 1 ' ° 
(Yearly multiplier, P.U.) 
D-li. 
VI. 0+H Costs 
O + M Cost 
*** FIXED *** VARIABLE Compound Inflation 
Set " ~ Yearly 
Point Cost D-Factor $/Fired Year Multiplier Multiple 
MW $/YR/KW (P.U.) Hour/MW Becomes Effective (P.II. ) 
Type 1-Nuclear 1 Q Q 0 3^0fl 0 . 0 0 0 1 0 - 1 5 1 9 7 5 J _ j Q _ . 
Type 2-Fossil 8 0 0 2 . 80 0 . 0 0 0 1 0 . 2 6 1 9 7 5 _ L J L 
Type 3-Gas Turbine 60 0 . 0 0 0 . 0 0 0 1 6 . 0 1 9 7 5 
Type 4-Mid-Range 1 5 0 2 . 8 0 0 . 0 Q Q 1 Q . 26 1 9 7 5 . 1 .0 
Type 5 600 2 . 8 0 0 . 0 0 0 1 0 . 2 6 1 9 7 5 1 .0 
Type 6 1 5 0 1 . 2 5 0 . 0 0 0 1 2 . 0 0 1 9 7 5 J U Q 
n-x/. 
VII. IUml K :• i_e 
Type 1 Type 2 Type 3 Type 4 Type 5 Type 6 
Nuclear Fossil. G.T. M-Range 
; . Station 
(iiTU/'vWH) 1 0 5 0 0 9 0 0 0 
12000 10000 9 0 0 0 1100 
Mill i r.um Load 
Output P.U. of 
lull Load 
0 . 2 5 0 . 2 5 0 . 8 5 0 . 2 5 0 . 25 0 . 40 
Fuel Input at 
Miuinurt Load 
(Output P.U. 
oE Full Load) 0 . 2 8 0 . 2 8 0 . 8 5 
0 . 2 8 0 .28 0 . 4 1 
Overall Efficiency of Pumped Storage Hydro Plants 0 • 7 0 
I 
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VIII. C; Mm. .It. tment Minimum Up. Time Rule 
Rule 1 If committed, must run all week 
Rule 2 If committed for weekday, must run all week days 
If committed day hours of weekend, must also run night hours of 
weekend 
Rule 3 If committed, must run all hours in committment zone period 
Minimum Up 
Time Rule 
Type 1-Nuclear ^ 
Type 2-Fossil 2 
Type 3-Gas Turbine 3 
Type 4-Mid-Range 3 
Type 5 2 
Type 6 3 
* Percent of total Base Load (Non-Nuclear) and Intermediate Capacity to 
be bound by Rule 1 0 
Percent of total Base Load (Non-Nuclear) and Intermediate Capacity to 
be bound by Rule 1 and 2 0 
* See page 4-3 
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IX. Ma til:. • Uni t For. ;ed Outage : Rates 
(Lin-.. t; be two. en ratings, constant belov/ minimum and 
Type 1 Type 2 Type 3 Type 4 
Nuclear Fossil G.T. M-Range 
Ratinu n , MW 1 1 5 0 800 60 1 4 5 
Rat Ln^ #2, MW 1 1 5 0 800 60 
Rating // 3, MW 1 1 5 0 800 60 600 
F.O.R. //I, P.U. 0 . 1 0 5 ..CUQJL5 0 . 1 7 n, o 3J— 
F.O.R. //2, P.U. 0 . 1 0 5 0 . 0 9 5 0 . 1 7 0 . 0 5 2 
F.O.R. It 3, P.U. 0 . 1 0 5 0 . 0 9 5 0 . 1 7 0 . 0 8 5 
Type 5 Type 6 
600 
_ m a _ 
CU-&3-5-
0 . 0 8 5 
o . o s s 
_100_ 
1 on 
O. 13 
0 . 13 
0 • 13 
X. 
(L Lnea r between ratings, constant below minimum and above maximum rat: 
Type 1 
Nuclear 
Type 2 
Fossil 
Type 3 
G.T. 
Type 4 
M-Range 
Type 5 Type 6 
Ra t ing //I, MW 1 1 5 0 800 60 1 0 0 600 100 
Rat m g MW 1 1 5 0 800 60 300 600 100 
Rating #3, MW 1 1 5 0 800 60 5 5 0 6 0 0 1 0 0 
P.O.R. 
P.O.R. 
P.O.R. 
//l, 
if 3, 
P.U. 
P.U. 
P.U. 
0 . i 3 5 
0 . 1 3 5 
0 . 1 3 5 
0 . 0 6 7 
0 . 0 6 7 
0 . 0 6 7 
0 . 0 3 8 
0 . 0 3 8 
0 . 0 3 8 
0 . 0 4 8 
0 . 0 6 7 
0 . 0 7 7 
0 . 0 6 7 
0 . 0 6 7 
0 , 0 6 7 
0 , 0 5 7 
0 . 0 S 7 
0 . 0 5 7 
LILT, A t:ure Forced Outage Rate and Planned Outage Rate 
Type 
Type 
Type 
Type 
Ts 
1-Nuclear 
2-Fossil 
3-Gas Turbine 
4-Mid-Range 
Tvoe 5 
Shakedown 
Multiplier on 
Mature Forced 
Outage Rate 
1 . 7 5 
1. 80 
IUJLQ 
1 . 0 0 
y: 
J L J U L 
1 . 0 0 
Shakedown 
Multiplier on 
Mature Planned 
Outage Rate 
1 ^ 5 
1 . 5 
1.0 
1.0 
1.5 
1.0 
Number of 
Years for 
Immature Rates 
to Apply 
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Environmental DLscharne - Thermal Type Data 
Type 1 Type 2 Typt; 3 Type 4 Type 5 Typt • 6 
Nuclear Fossil G.T. Mid-Range 
Atmospheric 
Allocation of Waste 
Heat Rejection, P.U. 0 . 0 0 0 . 22 1 . 0 0 0 . 2 2 0 . 2 2 0 . 45 
Sulfur Removal, 
Efficiency, P.U. 
Precipitator 
Efficiency, P.U. 
Plant Index 
0 . 0 0 0 . 5 4 0 . 0 0 0 . 5 4 0 . 5 4 0 . 00 
0 . 0 0 0 . 0 0 0 . 0 0 0 . 0 0 0 . 0 0 0 , 00 
1 2 3 4 5 -6-
(Default for Existing 
and Manually Committed 
Units) (Refer to 
Section XIV) 
XIII. Environmental Discharge - Fuel Type Data 
Carbon Monoxide 
Fuel 
Type 
Heating Value 
BTU/Unit Fuel 
Sulfur Contents 
Lbs/Unit Fuel 
*** 
Lbs. 
Coefficients 
Lbs./MW Scalar 
1 1 2 . 2 0 0 E + 8 0 . 0 0 0 0 . 0 0 0 
2 6 1 . 5 7 1 E + 5 1 . 5 9 0 0 . 1 5 1 
3 6 3 . 4 5 9 E + 5 8 . 2 9 0 0 . 2 1 1 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
XIII. Environmental Discharge - Fuel Type Data (Continued) 
Nitrogen Oxide ******* ******** Particulate 
coo4. rit.n:... '•• * Coefficients 
.Lbs^ Lbs ./MW Scalar Lbs . Lbs./MW 
0 . 00 0 Q 0 
_ 0 9 . 73 1 0 0 
0 6 . 2 9 1 ~ 6 33 
******** ****** Water Consumption** 
* * Coefficients * 
S c a l a r Lbs. Lbs./MW 
0 0 1 1 9 1 . 4 
0 0 n n 
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XIV. Environmental Discharge-. - Plant: Identification 
Plant 12 Character Region Plant 12 Character Region 
U) Plant Name. ID ID Plant N: ::ie ID 
J. U N I T T Y P E 1 5 1 
2 U N I T T Y P E 2 5 2 
4 -URIT T Y £ £ L 4 ~ 54 
5 -UlilT TY.H.EL-5 55 
6 U N I T T Y P E 6 56 
7 1 57 
8 58 
9 59 
10 60 
11 61 
12 62 
1 3 63 
1 4 64 
15 65 
16 66 
17 67 
18 68 
19 69 
20 70 
21 71 
2 2 72 
23 73 
2 4 74 
25 _ _ _ _ _ _ _ 75 
2 6 76 
2 7 77 
28 78 
29 79 
3 0 80 
3 1 8 1 
3 2 8 2 
3 3 _ _ _ _ _ _ _ 83 
3 4 84 
35 85 
3 6 86 
37 87 
38 8 8 
39 89 
40 cjo 
4 1 91 
42 92 
43 93 
44 94 
45 95 
4 6 96 
4 7 97 
4 8 98 
4 9 9 9 
50 100 
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.umental L-l charge -- Regional Ident ideation 
Region 12 Character 
ID Region Name 
1 A L L N E P O O L 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 _ _ _ _ _ _ _ _ 
15 
16 
17 
18 
19 
20 
21 
22. 
23 
24 
25 
XVI. Ur.it Co:ui:it^inont - Full Load Composite per MWH 
Weighting Coefficients 
Heat Rej. Heat Rej. 
r o n F u e l & V a r - < » M Atmos Water S°2 N°x C 0 Particulate Water 
J jgTU MBTU Tons Tons Tons Tons Gallons 
1 . 0 1 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22. 
23 
24 
25 
o 
NOTE: Default for Fuel & Variable O+M, $ is 1.0 
All other coefficients, default is zero 
XVII. Unit Dispatch - Incremental Composite per MWH 
Weighting Coefficients 
Heat Rej. Heat Rej 
Atmos. Water 
—MBTU MBIU Tons Tons Tons Tons Gallons 
Region Fuel 
ID $ 
1 1 . 0 
2 
3 
4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
Atmos. Water S°2 N°x CO Particulate Water 
a 
i 
N5 
NOTE: Default for Fuel, $ is 1.0 
All other coefficients, default is zero 
XVIII. Retirement Policy (Years) 
D-21 
Type 1 - Nuclear 1 0 0 0 
Type 2 - Fossil 1 0 0 0 
Type 3 - Gas Turbine 1 0 0 0 
Type 4 - Mid-Range 1 0 0 0 
Type 5 1 0 0 0 
Type 6 _ J L 0 M _ 
Conventional Hydro 1 Q Q Q 
Pumped Storage Hydro 1 0 0 0 
XIX. Manual Retirement of Units - n o t e d f o r h y d r o a n d p u m p e d s t o r a g e 
units on their input sheets. 
12 Character 
Station Name Year Retired 
XX. Pnrcha.-as and Sales 
(Ma:-;Luam of 10 Contracts) 
D-22 
C'fin?. raet Name - 6 characters 
Hours/Day of Purchase Agreement 
Purchase Every day (0) 
Weekdays only (1) 
*Demand Charge ($/KW/YR) 
Demand Charge 
Inflation Rate (%) 
*Energy Charge ($/MWH) 
Energy Charge 
Inflation Rate (%) 
**Monthly Purchases in MW 
Jan 
Feb 
Mar 
Apr 
May 
Jun 
Jul 
Aug 
Sep 
Oct 
Nov 
Dec 
First Year of Purchase 
Lr L Year of Purchase 
N^BEPCl 
24 
73.0 
1 6 . 2 | 116.2 
0 
4 0 0 
4 0 0 
4 0 0 
400 
400 
400 
400 
400 ! 
4 0 0 
400 
400 
1976; 
N B E F G 
24 
7 3 . 0 
0 
0 ! 0 
-I h 
i 400 
400 
400 
400 ! '400 
400 ! i400 
400 
400 
: 400 
-AOQ-
i 400 
i 400 
200 
[200 
j 19 853 
1 9 8 4 ; 19 8 S 
£}TBE~PC{ 3 
_24 
0 
73.0 
16.2 
' 0 
200 
200 
200 
200 
200 
200 
200 
200 
i 200 
200 
-2HIL 
0 
IMPOl 
24 
'T 
0 
73.0 
0 
L6. 2 
2 0 5 
2H5_ 
2 0 5 
2 0 5 
205. 
2 0 5 
2 0 5 
2 0 5 
2 0 5 
2 0 5 
12 0 5 
'205 
19 86 • 19 77 
1 9 8 6 2 0 0 0 
Cc • r .ip.ts on and Details of Contracts 
* Referenced to year costs are quoted, based on 300MW units, $450/KW, .16.21% annual 
charge, energy as in Table 5.2. 
**Purcha- e by Pool or Company is positive,Sale by Pool or Company is negative 
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XXI. Load Forecast - N O I N P U T 
The annual peak load for each company for each year of the study is 
required. This may be accomplished by (a) either inputting a peak load every 
year or (b) specifying a load in the first year and varying the load growth 
in subsequent years. 
Co-ID 
YR. 
— 
— r -
i 
! 
i 
i i 
i 
, . i 
i i 
i j 
i ! 
• 
i 
• 
• 
I 
i 
1 i 
i 
1 
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XXII. Load Forecasting, Uncer tai v.ty: - M O I N P U T 
P/U Load Probc-blli ':y of Load 
XXIIL. Cc;vra!:ion Data (For Original System or Manual Additions) - R E F E R T O A C C O M P A N Y I N G 
Nuclear, Type = 1 and 5 or 6 - I N P U T SHEE: 
Station 
N ame 6. 
Unit No. 
(12 Char) 
Inst. 
Year 
(2 digits! 
Inst. 
Month 
(Omit if 1) Type 
Company 
Name 
% Owned 
0=100% 
50=50% 
Max. 
Net 
Output 
MW 
Net* 
Station 
Heat Rate 
BTU/KWH 
Fuel** 
B/U 
Cost 
C/MBTU 
Fuel** 
Inv. 
Cost 
5/YR/KW 
*Omit if heat rate from Section VII is to be used. 
**Fuel and inventory costs are referenced to Year Costs are Quoted in the study, not year unit is installed. 
Omif if. fuel costs from Section V are to be used. 
XXI11. (Cont'd) Generation Data (For Original System or Manual Additions) 
Non Nuclear Types 
Station Max. Net* Coal, Oil** 
Name & Inst. Inst. % Owned Net Station Coal, Oil** Gas 
Unit No. Year Month Company 0=100% Output Heat Rate Gas Cost % of Time 
(12 Char) (2 digits) (Omit if 1) Type Name • 50-50% MW BTU/KWH c/MBTU 100=100°; 
e 
i 
?o 
*Omit if heat rate from Section VII is to be used. 
**Fuel costs are referenced to Year Costs are Quoted in the study, not year unit is installed. 
Omit if fuel costs from Section V are to be used. 
D - 2 5-A 
T Y P E 1: N U C L E A R 
INSTALLATION UNIT MAX. NET -NET HEAT 
NAME YEAR MONTH TYPE OUTPUT (MW) RATE (BTU/KWH) 
Mass Yankee 61 1 175. 8 10600 
Conn Yankee 68 1 5 75 .0 10400 
Millstone 1 70 1 660 .0 10716 
Millstone 2 75 1 830.0 10642 
Pilgrim 1 72 1 670.0 10034 
Vt Yankee 72 1 514.0 10068 
Me Yankee 1 72 1 769.0 10642 
Me Yankee 2 76 4 1 11.0 10642 
Vt Yankee 2 76 11 1 26.0 10068 
Me Yankee 3 77 6 1 60 .0 10642 
Seabrook 1 81 6 1 1150.0 4290.8 
Millstone 3 82 5 1 1150.0 
Pilgrim 2 82 10 1 1180.0 
Seabrpok 2 83 6 1 1150.0 
NEPCO 1 84 11 1 1150.0 
NEPCO 2 86 11 1 1150.0 
Sears Isle 1 86 11 1 1150.0 
D - 2 6 - A 
TYP.-: 2 : FOSSIL BASE 
INSTALLATION UNIT MAX. NET NET HEAT 
NAMF] YEAR MONTH TYPE OUTPUT (MW) }<ATE (BTU/KWK) 
Merrimack 2 68 2 337.0 9165 
Salera Harb 3 58 2 150.5 9405 
Brayton Pt 3 69 2 657.2 8665 
Canal 1 68 2 572.0 8715 
Nev; Boston 1 65 2 380.0 9255 
New Boston 2 67 2 380.0 9255 
Middletown 3 64 2 240.0 8955 
2716.7 
D-26-B 
T Y P E G A S T U R B I N E 
INSTALLATION UNIT MAX. NET NET HE£
m 
NAME YEAR MONTR TYPE OUTPUT (J*W) FATE (BT' 
Equiv Gt 11 60 3 14 4.1 10 870 
Equiv Gt 21 60 • . 10 8.2. 14090 
Equiv Gt 31 60 3 112 .9 13780 
Equiv Gt 32 60 3 112.9 13780 
Equiv Gt 33 60 3 112.9 13780 
Equiv Gt 34 60 3 112.9 13780 
Equiv Gt 35 60 3 112.9 13780 
Equiv Gt 41 60 3 101. 3 14400 
Equiv Gt 42 60 3 101.3 14400 
Equiv Gt 4 3 60 3 101.3 14400 
Equiv Gt 44 60 3 101.3 14400 
Equiv Gt. 45 60 3 101.3 14400 
Equiv Gt 46 60 3 101. 3 14400 
Remain Gt . 11 75 O 102 .6 14090 
Remain Gt . 12 75 3 102 .6 14090 
Remain Gt 13 75 3 102 .6 14090 
Stonybrok Gt 82 11 3 120 .0 
1732.4 17 U n i t : 
D-26-C 
T7F-".\ 4:. MiD-RANGE 
INSTALLATION UNIT MAX. NET NET HE A
1 
"AME YEAR MONTH TYPE OUTPUT (MW) RATE (B1 
Yarmouth'3 65 4 121.3 9536 
Salem Harb 4 72 4 472 .4 9846 
Merrimack 1 60 4 119.0 9310 
Brayton Pt 1 63 4 254.4 9255 
Brayton Pt 2 64 4 256.9 9 255 
Mystic 4 57 4 147.0 9405 
Mystic 5 59 4 147.0 9405 
Mystic 6 61 4 156.0 9405 
Mystic 7 75 A 591.0 9255 
Devon 7 56 4 109.0 9 310 
Middletown 2 58 4 120.0 9310 
Mt Tom 60 4 147.0 9310 
Norwalk Hbr 1 60 4 164.0 9220 
Norwalk Hbr 2 63 4 174.0 9220 
Somerset 6 59 4 124.3 9405 
Bridgeport 2 61 4 170 .0 9310 
Bridgeport 3 68 4 410.0 9255 
New Haven 1 75 4 430.2 9255 
Mason 1/2 47 4 45.2 12341 
Mason 3,4,5 55 4 106.2 11530 
Schiller 3,4 52 4 77.0 11567 
Schiller 5 55 4 51.0 11567 
Schiller 6 57 4 52.0 11567 
Yarmouth 1,2 58 4 101.6 11944 
Salem Harb 1 52 4 82.4 9565 
Salem Harb 2 52 4 81.0 9565 
Manchester 09 41 4 48.0 11409 
Manchester 10 47 4 46.2 10342 
Manchester 11 49 4 50.0 10342 
Brayton Pt 4 67 4 450 .0 9 846 
Cannon 1,2 50 4 60 .6 11488 
Mewington 1 74 4 412 .0 9800 
L. St 12 42 4 25.0 10452 
I.V-gar 4 49 4 88.0 9565 
t 6'gar 5 52 4 88.0 9565 
Edgar 6 54 4 88.0 9565 
Montville G 71 4 410 .0 9558 
Montville 5 54 4 82.0 9470 
I W o n 3 51 4 71.0 10094 
L ;Vvon 4 42 4 52.0 9981 
von 5 47 4 51.0 10079 
I. von 6 51 4 71.0 10094 
Lu; von 8 58 4 10'9 .0 9310 
i 
MID-RANGE (Cont'd) 
D - 2 6 - D 
NAME 
INSTALLATION 
_ YEAR M O N T H _ 
U N I T 
TYPE 
MAX. MET 
OUTPUT (MW) 
N F 7 UFA 1 
Middletown 1 54 4 73 .0 .10090 
Middietown 4 73 4 400.0 9558 
South St 12 55 4 102 ,5 9 7 80 
English 7,8 53 4 75.0 11525 
Steel Pt 11 50 4 35.0 11530 
West Spfld 1 49 4 51.5 10072 
W e s t Spfld 2 52 4 51.5 10072 
West Spfld 3 57 4 108. 3 9470 
Somerset 3,4 45 4 65.0 105.16 
Somerset 5 51 4 74.0 10460 
Brdgpt Har 1 57 4 82 .0 9565 
Potter 1 59 4 14.5 11944 
Remain Mid 1 75 4 175.0 9536 
Canal 2 76 4 560.0 9255 
W. F. Wyman 4 78 4 600 . 0 9255 
9 37 9 . 0 
jT.'/KWK) 
58 U n i t s 
I> -26-E 
TYPE 5: FOSSIL PEAKING 
I N S T A L L A T I O N U N I T M A X . M E T N E T H E A T 
N A M E Y E A R _ M O N T H T Y P E O U T P U T . (MW) R A T E ( B T U / K W H } 
Graii am 3-4.-5 6 4 4 59.2 12166 
Capo .1,2,3 24 4 24.5 13380 
Caribou. 1,2 55 4 23.0 12805 
Blackstone 30 4 28.8 13000 
Kendal 1,2,3 58 4 70.0 11950 
Cannon St 7 21 4 17. 7 12327 
Manchester 1, 38 4 21.5 12300 
Daniel St 44 4 19 .5 13383 
Milton 42 4 4.0 13417 
Riverside 9 48 4 5.0 13468 
Somerset 1,2 27 4 85.2 11430 
English 1,6 32 4 88.2 12441 
Steel Pt 5,7 31 4 44.8 12441 
Steel Pt 9 41 4 28.7 11426 
B.F. Cleary 8 66 4 28.3 15922 
I) -26-F 
V F C O M B I N E D C'YCIIE 
INSTALLATION UNIT MAX. NET NET HF>ri 
NAME YEAR MONTH TYPE OUTPUT (MW) RATE (ETU/KWH) 
Potter 2 76 11 6 95.0 9536 
E.F. Cleary 76 4 6 110.0 9536 
Stonybrok CC 81 11 6 270.0 9536 
475.0 3 Units 
I) -27-A 
XCII. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional H y d r o , Type 7 
Station 
Name & 
Unit N o . 
(12 Char) 
Bangor Hydro 
Inst. 
Year 7 
(2 digits) Type 
% Owned 
Company 0=100% 
Name 50-50% 
0 
Centrl Maine. 
Monthly 
M i n . 
Output 
M W 
Monthly 
M a x . 
Output 
MW 
Monthly 
Energy 
GWH 
24 34 2 1 J A N . 
24 3 3 1 9 FEB. 
24 34 21 "MAR. 
20 3 1 1 8 A P R . 
2 1 32 1 9 ' MAY 
24 34 19 J UN. 
2 3 32 1 9 J U L . 
22 3 1 1 8 A U G . 
2 1 32 1 7 SEP. 
22 3 3 1 8 OCT. 
2 3 3 3 1 9 NOV. 
2 3 34 2 0 D E C . 
56 2 9 7 1 1 3 J A N . 
5 5 2 9 7 1 0 1 FEB. 
59 2 9 7 1 2 6 M A R . 
59 2 8 7 1 3 0 A P R . 
59 2 8 7 1 5 5 MAY 
59 2 9 7 1 1 7 JUN. 
5 2 2 9 7 9 1 J U L . 
49 2 9 7 89 A U G . 
49 2 9 7 82 SEP. 
5 2 29 7 9 1 OCT. 
5 7 2 9 7 9 3 N O V . 
57 2 9 7 1 0 9 DEC. 
D - 2 7 - B 
XI!£. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name & 
Unit No. 
(12 Char) 
Centrl Vermt 
Monthly Monthly 
Inst. 
Year 
(2 digits) Type 
0 
7, Owned 
Company 0=100% 
Name 50-50% 
0 
Conn L&P Co. 
M i n . 
Output 
MW 
M a x . 
Output 
MW 
Monthly 
Energy 
GWH 
16 35 15 JAN. 
I S 35 15 FEB. 
2 3 35 19 "MAR. 
2 8 40 22 APR. 
24 40 20 MAY 
19 36 14 JUN. 
13 34 10 . JUL. 
9 34 9 AUC. 
1 1 34 9 SEP. 
14 34 12 OCT. 
19 37 16 NOV. 
18 37 17 DEC. 
29 1 1 5 24 JAN. 
34 1 1 5 25 FEB. 
50 1 1 5 38 MAR. 
60 1 1 5 45 APR. 
37 1 1 5 30 MAY 
22 1 1 5 18 JUN. 
10 1 1 5 9 JUL. 
9 1 1 5 9 AUG. 
8 1 1 5 8 SEP. 
10 1 1 5 10 OCT. 
23 1 1 5 19 NOV, 
3 1 1 1 5 25 DEC, 
D -27-B 
XI!£. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name & Ins t. 
Unit No. Year 
(12 Char) (2 digits) Type 
Green Mt Pwr 0 
% Owned 
Company 0=100% 
Name 50-50% 
0 
Hartfrd Elec 
Monthly 
Min. 
Output 
MW 
Monthly 
Max. 
Output 
MW 
Monthly 
Energy 
GWii 
1 25 8 J M . 
1 25 8 • FEB. 
1 25 1 1 "MAR. 
2 27 13 APR. 
2 27 14 ' MAY 
1 27 9 JUN. 
1 27 6. J U L . 
1 27 5 AUG. 
1 27 4 SET. 
1 27 6 OCT. 
1 27 9 NOV. 
1 25 10 DEC. 
4 10 3 JAN. 
4 10 3 FEB. 
7 10 6 M A R . 
9 10 7 A P R . 
6 10 5 MAY 
4 10 3 JUN. 
2 10 2 JUL. 
1 10 1 AUG. 
1 10 1 SEP. 
2 10 2 OCT. 
4 10 3 N O V . 
4 10 3 DEC. 
D -27-B 
XIII. (Cont'd) XI!£. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
oris) 
Station 
Name & 
Unit No. 
(.12 Char) 
Holyoke Watr 
Inst. 
Year 
(2 digits) Type 
0 7 
Company 
Name 
% Owned 
0==100% 
50-50% 
0 
Nees Hydro 0 
Monthly 
K i n . 
Output 
Monthly 
M a x . 
Output 
Monthly 
Energy 
M W M W GWH 
16 26 12 JAN. 
10 7 FEB. 
17 26 1 3 M A R . 
24 26 18 APR. 
2 4 2 5 18 MAY 
10 26 8 JUN. 
5 26 A. JUL. 
1 3 26 10 AUG. 
8 26 6 SEP. 
1 8 26 14 OCT. 
2 5 26 18 NOV. 
20 26 15 DEC. 
0 5 7 9 119 JAN. 
0 5 3 7 102 FEB. 
0 4 9 8 154 MAR. 
0 50 8 2 2 8 APR. 
0 5 3 5 185 MAY 
0 5 8 5 86 JUN. 
0 5 8 5 64 JUL. 
0 5 8 5 45 AUG. 
0 5 8 5 54 SEP. 
0 5 8 5 77 OCT. 
0 5 8 5 124 NOV. 
0 5 8 5 130 DEC. 
D -27-B 
XI!£. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name & 
Unit No. 
(12 Char) 
ub S e r v N H 
Inst. 
Year 
(2 dibits) 
0 
Type 
7 
Company 
Name 
% Owned 
0=100% 
50-50% 
0 
/esterrs M a s s 
Monthly Monthly 
Min. Max. Monthly 
Output Output Energy 
MW MW GWH 
36 48 28 JAN. 
34 48 24 FEB. 
40 48 3 1 "MAR. 
5 1 53 38 APR. 
47 53 37 ' MAY 
38 53 29 JUN. 
30 48 23. JUL. 
26 48 20 AUG. 
26 48 19 SEP. 
29 48 22 OCT. 
36 48 27 NOV. 
36 48 28 DEC. 
38 1 0 5 31 JAN. 
39 105 29 FEB. 
50 105 39 MAR., 
59 105 44 APR. 
57 1 0 6 44 MAY 
40 106 31 JUN. 
23 106 19 JUL. 
19 106 16 " AUG. 
19 1 0 5 16 SEP. 
26 1 0 5 2 1 
OCT. 
40 105 3 1 
NOV. 
4 1 10 5 33 
DEC. 
D - 2 7 - F 
II. (Cont'd) Generation Data (For Original System CM M a m lal Additions) 
Conventional Hydro, Type 1 
Station Monthly Monthly-
Name & Inst. % Owned M i n . M a x . Monthly 
Unit No. Year Company 0=100% Output Output Energy 
(12 Char) (2 digits) Type Name 50-50% M W MW GWH 
N . B . P U R 0 7 0 0 34 5.6 JAN. 
0 34 5 . 5 FEB. 
0 34 5 . 5 MAR. 
0 34 7.8 APR. 
0 34 8.5 ' MAY 
0 34 7.4 JUN. 
0 34 4.6 JUL. 
0 34 4.2 AUG. 
0 34 4.5 SEP. 
0 34 4.9 OCT. 
0 34 5 . 8 NOV. 
0 34 6 . 1 DEC. 
PSNY PUR 0 7 0 0 1 5 0 7 6 . 3 JAN. 
0 1 5 0 7 8.0 FEB. 
0 1 5 0 7 6 . 3 MAR. 
0 1 5 0 7 4 . 5 APR. 
0 1 5 0 72.4 MAY 
0 1 5 0 7 3 . 7 JUN. 
0 1 5 0 6 9 . 3 JUL. 
0 1 5 0 7 1 . 5 AUG. 
0 1 5 0 7 2 . 8 SEP. 
0 1 5 0 7 3 . 2 OCT. 
0 1 5 0 7 3 . 7 NOV. 
0 1 5 0 72 . 4 DEC. 
D -27-G 
XIII. (Cont'd) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name & Inst. 
Unit No. Y e a r - M o n t h Company 
(12 Char) (2 digits) Type Name 
% Owned 
0=100% 
50-50% 
Monthly 
Mir.. 
Output 
MW 
Monthly 
Max. 
Output 
MW 
Monthly 
Energy 
GWH 
D i c k e y 1 8 6 - 1 7 0 190.0 874.0 142.0 JAN. 
190.0 874.0 115.0 FEB. 
190.0 874.0 55.0 "MAR. 
R e t i r e m e n t y e a r : 1960* 
190.0 874.0 38.0 APR. 
C o s t : 681 $ / k w 
190.0 874.0 39.0 ' MAY 
190.0 874.0 53.0 JUN. 
190.0 874.0 56.0 JUL. 
190.0 874.0 70.0 AUG. 
190.0 874.0 50.0 SEP. 
190.0 874.0 52.0 OCT. 
190.0 874.0 73.0 NOV. 
190.0 874.0 151.0 DEC. 
D i c k e y 2 8 6 - 1 7 0 190.0 655.5 142.0 JAN. 
190.0 655.5 115.0 FEB. 
190.0 655.5 55.0 MAR. 
R e t i r e m e n t y e a r : 1960* 190.0 655.5 38.0 APR. 
C o s t : 70Q $ / k w 190.0 655.5 39.0 MAY 
190.0 655.5 53.0 JUN. 
190.0 655.5 56.0 JUL. 
simpiiTy computational procedures, for 
• ceriod 1981 throuah 2000. the inout rp-Hrp-
190.0 655.5 70.0 AUG. 
i ent year is adjusted to 2086 for the 
;ickey-Lincoln alternative only. 
appropriate 190.0 655.5 50.0 SEP. 
190.0 655.5 52.0 OCT. 
190.0 655.5 73.0 NOV. 
190.0 655.5= 151.0 DEC. 
D -27-B 
XI!£. (Cont 'd ) Generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name f< 
Unit. No. 
(12 Char) 
Dickey 3 
Inst. 
Yeax'-Month 
(2 digits) Type 
86-1 7 
Company 
Name 
% Ovmed 
0=100% 
50-50% 
0 
Retirement year: 
Cost: 565 $/kw 
1960* 
Lincoln Sch. 86-1 
Retirement Year: 1960* 
Cost: As for associated Dickey Scheme 
Monthly Monthly 
Min. Max. Monthly 
Output Output Energy 
MW MW GWH 
190.0 655.5 142.0 JAN. 
190.0 655.5 115.0 FEB. 
190.0 655.5 55.0 MAR. 
190 .0 655.5 38 .0 APR. 
190.0 655.5 39 .0 MAY 
190.0 655.5 53.0 JUN. 
190.0 655.5 56.0 JUL. 
190.0 655.5 70.0 AUG. 
190.0 655.5 50.0 SEP. 
190.0 655.5 52.0 OCT. 
190.0 655.5 73.0 NOV. 
190 .0 655.5 151.0 DEC. 
30 70 30 JAN. 
30 70 25 FEB. 
30 70 13 MAR. 
30 70 22 APR. 
30 70 34 MAY 
30 70 19 JUN. 
30 70 16 JUL. 
30 70 18 AUG. 
30 70 14 SEP. 
30 70 15 OCT. 
30 70 21 NOV. 
30 70 " 35 DEC. 
*See Footnote, page D-27-G 
XIII. (Cont'd) generation Data (For Original System or Manual Additions) 
Conventional Hydro, Type 7 
Station 
Name & Inst. 
Unit Ho. Year Company 
(12 Char) (2 digits) Type Nai'ie 
% Owned 
0=100% 
50-50% 
Monthly 
Min. 
Output 
MW 
Monthly 
Max. 
Output 
MW 
Monthly 
Energy 
GWH 
Cold Stream 86-1 y 0 0.0 250 25.4 JAN 
0.0 250 23.0 FEB 
Retirement Year: 1960 0.0 250 32.7 MAR 
Cost: 2135.6 $/kW 0.0 250 38.9 APR 
0.0 250 35.1 MAY 
(MOTE: Energy values estimated on 
basis of average capacity 
factors for New England 
0.0 250 23.0 JUN 
0.0 250 16.2 JUL 
hydroelectric plants) 0.0 250 15.3 AUG 
0.0 250 13.9 SEP 
0.0 250 18.9 CCT 
0.0 250 25.6 NOV 
0.0 250 27.1 DEC 
7 JAN 
FEB 
M\R 
APR 
MAY 
JUN 
JUL 
AUG 
SEP 
OCT 
NOV. 
I DF.C. 
m i l . (Cont'd) Go:~. or it ion Lata (For Original System or Manual Additions) 
Pumped Storage Hydro, Type = 8 
Station Name 
& Unit No. 
12 Characters 
Inst. 
Year 
(2 digits) Tyoe 
Company 
Name 
% Owned 
0-100% 
50=50% 
Max. Net 
Output 
MW 
Pump 
Rating 
MW 
Pond 
Size 
MWH 
Cycle* 
Efficiency 
N o r t h f i e l d 1 73 8 0 2 5 0 2 5 0 1500 70 
N o r t h f i e l d 2 7 3 8 0 2 5 0 2 5 0 1500 70 
N o r t h f i e l d 3 73 8 0 2 5 0 2 5 0 1 5 0 0 70 
N o r t h f i e l d 4 73 8 0 2 5 0 2 5 0 1 5 0 0 70 
B e a r S w a m p 1 7 4 8 0 3 0 0 300 1 6 0 0 70 
B e a r S w a m p 2 74 8 0 300 300 1 6 0 0 
70 
R o c k y R i v r 2 29 8 0 4 5 16 
70 7 
rj 
R o c k y R i v r 3 29 8 0 3 4 12 
70 I 
8 
8 
* For reference only; program uses one average efficiency for all pumped storage units, existing & future. 
See Section VII, Page D-12. 
xxi:i. (Cont'd) Generation Data (For Original System or Manual Add] 
Punpad Storage Hydro, Type = 8 
Station Name 
& Unit No. 
1?. Characters 
Inst. 
Y e a r - M o n t h 
(2 dizits) Type 
R e t i r e m e n t 
Y e a r 
% Owned 
0-100% 
50=50% 
Max. Net 
Output 
MW 
Pump 
Rating 
MW 
Pond 
Size 
\ r R* • 
ITRT RI 
C c s t 
D i c k e y P / S 2 8 6 - 1 8 1 9 6 0 * 0 
218 .5 218 .5 1 3 1 1 * * 700.0 
D i c k e y P / S 3 8 5 - 1 3 1 9 6 0 0 655 .5 6 5 5 .5 3 9 3 3 * * 5 6 5 . 0 
G r e a t 3 a r r . 8 6 - 1 8 1 9 6 0 0 900 900 7 2 0 0 
572.0 
F a l l M t n . 8 6 - 1 8 1 9 6 0 
0 800 800 6 4 0 0 520.0 
P e r c y 8 6 - 1 
8 
1 9 6 0 0 1 9 0 0 1 9 0 0 2 6 6 0 0 508.0 
S i t e L e o 8 6 - 1 
8 
1 9 6 0 0 1 0 0 0 1 0 0 0 1 4 0 0 0 625.0 
U n d e r g r o u n d 8 6 - 1 a 
I960 0 2 0 0 0 2 0 0 0 1 6 0 0 0 719.0 
8 
8 
8 
* See footnote page D-27-G. 
** Assumed 6 hours storage ' . . 
(For reference only; program uses one average efficiency for all pumped storage units, existing & .uture. 
See Section VII, Page D-12.) 
APPENDIX E 
COMPARATIVE COSTS FOR SYSTEM EXPANSION WITH 
DICKEY-LINCOLN FINANCED AT 10% 
APPENDIX E 
COMPARATIVE COSTS FOR SYSTEM EXPANSION WITH DICKEY-LINCOLN 
FINANCED AT 10% 
El Introduction 
In Chapter 5, annual investment, fuel and 08M costs for system 
expansion with and without Dickey-Lincoln have been evaluated 
on the basis of the following repayment interest rates: 
Privately financed developments: 10% 
Federal financing for Dickey-Lincoln: 6 5/8% 
On this basis the annual charge for the Dickey-Lincoln pro-
ject was estimated as 7.52% in Table 5.11. 
For purposes of comparison, the Dickey-Lincoln project has 
also been evaluated on the basis of a 10% repayment interest 
rate. The corresponding annual charge in such a case would 
be 10.67%, derived as shown in Table El. 
E2 Annual Cost Comparisons 
Annual capacity additions and costs have been evaluated for 
system mixes with Dickey-Lincoln Schemes I, II and III and 
other plants, as developed and summarized in Tables 5.16, 5.17 
and 5.18 respectively. The corresponding costs for an annual 
charge for Dickey-Lincoln of 10.67% are presented in Tables E2 
through E5. 
E3 Discussion 
Tables E2 through E5 illustrate that annual investment costs 
for the period 1986 through 2000, for a generation mix which 
includes Dickey-Lincoln on the basis of a 10% repayment interest 
rate, are significantly greater than for the all-thermal refer-
ence case of Table 5.12. Savings in system fuel and 05M costs 
are not sufficient to compensate for these differences with 
the result that total annual costs for the "with" Dickey-Lincoln 
expansion plans are greater than those for the reference case. 
Comparison of the "with" Dickey-Lincoln cases with the all-
thermal reference case shows annual cost diffferences over the 
period ranging from zero to SIC million greater for Dickey 
Scheme III, up to $9 to Sin million greater for Dickey Scheme I. 
Aggregate annual costs for the period 1986 through 2000 are 
correspondingly greater than for the all-thermal reference 
E-1 
case by $18 million for Dickey III up to $190 million for 
Dickey I. 
It should be noted that the above figures are based on 
October 1975 cost levels for both capital and operating costs 
Should the escalation rate of fuel costs prove to be signifi-
cantly greater than that of all other costs, as has been the 
case in recent years, these cost differences may be reversed. 
E-2 
TABLE El: ANNUAL CHARGES FOR DICKEY-LINCOLN 
WITH 10% FINANCING 
Total Project Cost 
Dickey-Lincoln: 
Transmission: 
Interest during Construction 
(10% basis): 
$463,000,000 
125,000,000 
135,279,000 
$723,279,000 
Total Annual Costs 
(Table 5.11} 
$4,198,000 
Annual Operating Charges 
= $ 4,198,000 
$723,279,000 
Annual Interest and 
Amortization Charges = 
0.580% 
10.086% 
Total Annual Charge 10.67% 
E-3 TABLE El 
TABLE E2: COMPARISON OF SYSTEM COSTS WITH AND WITHOUT 
DICKEY-LINCOLN* 
Annual Costs (Smil1 ion) 
Year 
Reference 
Case 
Dickey 
I 
Dickey 
II 
Dickey 
III 
1981 1355 1355 1355 1355 
1986 1591 1600 1599 1601 
1990 2424 2437 2435 2424 
1995 3748 3762 3760 3751 
2000 5431 5447 5441 . 5430 
Total 
(1981-2000) 
57,756 57,946 57,901 57,774 
Total 
(1986-2000) 
49,426 49,616 49,571 49,444 
Increase 
(1986-2000) 
0 190 145 18 
Avg. Annual 
Increase 
(1986-2000) 
0 12.7 9.7 1 .2 
*NOTE: Annual investment cost components for reference case 
and all other alternatives, including Dickey-Lincoln, 
based on private financing at 10 percent interest rate. 
E-4 
TABLE E2 
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